SECTION 5

EMISSIONS FROM FUEL PRODUCTION AND DISTRIBUTION PROCESSES

This section discusses emissions from feedstock extraction, fuel production, and distribution.
The emissions sources are covered roughly in order from extraction through distribution with some
overlap. Section 5.1 reviews emission rates from equipment used in transporting feedstocks and fuel
and in processing operations. Energy usage rates for transportation equipment is also discussed in
Section 5.1.

Fuel production emissions and energy inputs are covered in Section 5.2. Fuel processing is
defined as the conversion of feedstock material into end use fuel, or fuel production Phase 3.
Feedstock input requirements also relate to feedstock extraction requirements in Section 5.1. Gaseous
fuel liquefaction is included Phase 3. Several fuels are processed from a combination of feedstocks
and process fuels. Oil refineries and gas treatment plants produce multiple fuel products and some
ethanol plants produce animal feed byproducts, many production facilities import or export electricity.
The allocation of energy use to product fuels is discussed in Section 5.2.

Several approaches have been taken towards determining fuel-cycle emissions. Perhaps the
simplest approach is to estimate the energy required for each step of the fuel-cycle. Then, "emission
factors” can be multiplied by the energy use rate (Jenkins, 1979, Unnasch, April 1990). There are
several negative aspects of relying entirely on this approach. Primarily, energy use expressed in
Btu/gal of fuel (or Btu/Btu fuel) is many steps removed from the actual fuel-cycle processing step.

For example, consider a gasoline deliver truck with 8000 gal of fuel traveling a 100 miles
round trip route. A diesel truck fuel consumption of 5 mi/gal is expressed in energy terms as
0.0028 Btu/Btu based on lower heating values (Table 2-1). Expressing all of the fuel processing steps
in energy terms allows for a convenient comparison amongst different fuel-cycle emission studies.
The emissions in this study are estimated from more fundamental principles. In the case of fuel
delivery trucks, a constant mileage is assumed for all fuel types and emissions are calculated from
the g/miles emissions and truck fuel capacity to yield g/gal of delivered fuel.

The energy in Btu (HHV) per unit of fuel produced is tracked with the fuel-cycle emissions.
Lower heating values are only used to estimate vehicle fuel consumption and are not mixed with
higher heating values anywhere in this study. '

Emission rates from fuel production equipment are estimated from published emission factors,
other emissions data, and emission requirements from local and federal rules. In the strictest sense,
an emission factor might be considered to be an energy specific emission rate, in g/gal fuel for
example, that represents a wide range of equipment and is weighted according to equipment
inventory, usage pattern, and other parameters. The term emission factor implies inventory wide
accuracy and is reserved for published emission rates.
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Emissions depend on the location of equipment and the prevailing (and prior) emission
standards. Vehicles and combustion equipment in the South Coast Air Basin are and will continue
to be subject to the strictest emission controls.

Table 5-1 summarizes emissions requirements that affect fuel production equipment in the
U.S. and South Coast Air Basin. SCAQMD limits are as stringent or more so than NSPS and
NESHAPS standards. Table 5-2 shows NO, limits on combustion sources in the South Coast Air
Basin. Boilers and gas turbines have been subject to Best Available Control Technology (BACT)
requirements since the 1980s. All equipment installed since that time would meet NO, levels
consistent with Rule 474. More recent installations will need to meet stricter NO, limits under Rule
1134. NO, levels of 9 ppm can only be met with Selective Catalytic Reduction (SCR) and actual
emissions with SCR are half of the limit. :

Emission limits under Rules 474, 1110, 1134, and 1146 are expressed in ppm. These ppm
levels were converted to Ib NO,/MMBtu using a fuel factor of 8740 dry scf/MMBtu for natural gas
and 9220 dry scf/MMBtu for diesel fuel. These emissions are expressed in Ib/MWh or g/hp-hr for
the energy consumption assumptions shown in Table 5-2.

5.1 FUEL EXTRACTION, TRANSPORTATION, AND PROCESSING EQUIPMENT

Several types of equipment are used repeatedly throughout the estimation of fuel-cycle
emissions. For example, diesel powered tanker trucks are used to move gasoline, diesel, LPG, and
alcohol fuels from storage locations. Natural gas engines and gas turbines compress natural gas and
are used in a variety of fuel industry applications. This section summarizes the emissions and
estimated usage rates for various types of equipment. The usage rates are related to assumptions for
different scenarios.

5.1.1 Engine Emissions

Table 5-3 summarizes the emission and performance characteristics of natural gas turbines
used for natural gas transmission, prime movers. Table 5-3 shows estimate of current and future
emissions for turbines operating in the South Coast Air Basin, California, and the U.S. Turbines
operating outside of North America are assumed to emit at 1990 U.S. levels. The table also presents
AP-42 emission factors for comparison (U.S. EPA, AP-42). Note, the AP-42 emission factors
represent uncontrolled gas turbines. Methane and CO levels are consistent with values used in this
study.

Emissions in Table 5-3 are shown in g/bhp-hr. These are converted to g/100 scf of natural
gas transmitted with usage rates discussed later and the calculation approach in Section 5.4. The
source code identifies where the emission rates are located in the emissions data base (EFAC in
Appendix B).

Based on a population profile of gas turbines used as natural gas prime movers (Huey, 1993)
and emissions data for individual makes and models of gas turbines (Urban, 1980 and Fanick, 1988),
the energy consumption to energy produced (energy rate) for gas turbines is estimated to be 11,000
Btu/bhp-hr. However, the range of energy rates for gas turbine prime movers can vary from 10,000
to 13,000 Btu/bhp-hr.
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Table 5-1. S‘ummary' of emission regulations

New Source Performance Standards (NSPS)

Subpart J Standards of Performance for Petroleum Refineries

Subpart K Standards of Performance for Storage Vessels for Petroleum Liquids

Subpart Y Standards of Performance for Coal Preparation Plants

Subpart GG Standards of Performance for Stationary Gas Turbines

Subpart XX Standards of Performance for Bulk Gasoline Terminals

Subpart GGG Standards of Performance for Equipment Leaks of VOC in Petroleum Refineries

Subpart KKK Standards of Performance for Equipment Leaks of VOC from On-shore Natural Gas
Processing Plants

Subpart QQQ Standards of Performance for VOC Emissions from Petroleum Refinery Wastewater
Systems

National Emission Standards for Hazardous Air Pollutants (NESHAPS)

Subpart J National Emission Standard for Equipment Leaks (Fugitive Emission Sources) for
Benzene '

Subpart V National Emission Standard for Equipment Leaks (Fugitive Emission Sources)

South Coast Air Quality Management District (SCAQMD)

Regulation IV — Prohibitions

Rule 432
Rule 461
Rule 466
Rule 466.1
Rule 474

Gasoline Specifications

Gasoline Transfer and Dispensing
Pumps and Compressors

Valves and Flanges

Fuel Burning Equipment — Oxides of Nitrogen

Regulation XI — Source Specific Standards

Rule 1109

Rule 1110 (1 & .2)
Rule 1134
Rule 1135

Rule 1148
Rule 1149
Rule 1158
Rule 1170
Rule 1173

Emissions of Oxides of Nitrogen for Boilers and Process Heaters in Petroleum
Refineries

Emissions from Stationary Internal Combustion Engines (gaseous- and liquid-fueled)
Emissions of Oxides of Nitrogen from Stationary Gas Turbines

Emissions of Oxides of Nitrogen from Industrial, Institutional and Commercial
Boilers, Steam Generators, and Process Heaters

Thermally Enhanced Oil Recovery Wells

Storage Tank Degassing

Storage, Handling and Transport of Petroleum Coke
Methanol Compatible Fuel Storage and Transfer

Fugitive Emissions of Volatile Organic Compounds
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Table 5-2. Summary of SCAQMD NO, rules

Rule 474 — Fuel Burning Equipment — Oxides of Nitrogen

Steam Generating

Emission Source Non-Mobile Fuel Burning Equipment Equipment
Heat Rate (MBtu/hr) 555 t0 1,785 1,786 to 2,142 >2,143 >555
Fuel Gas Oil Gas Qil Gas Oil Gas Oil

NO, Emissions

(ppmvd @ 3% O,) 300 400 225 325 125 225 125 225
(I1b/MMBtu) 0.37 0.52 0.28 042 0.15 0.29 0.15 0.29

Rule 1109 — Emissions of Oxides of Nitrogen for Boilers and
Process Heaters in Petroleum Refineries

Emission Source Boilers and Process Heaters in Petroleum Refineries

NO, (Ib/MMBtu) 0.03

Rule 1110.2 — Emissions from Stationary Internal Combustion Engines
(gaseous- & liquid-fueled)

Emission Source Stationary Internal Combustion Engines
Energy Consumption (Btwbhp-hr) 8000
NO,, Emissions

(ppmvd @ 15% O,) 36

(Ib/MMBtu) 0.121

(g/bhp-hr) 0.44

Rule 1134 — Emissions of Oxides of Nitrogen from Stationary Gas Turbines

Emission Source Simple Simple Simple | Simple | Simple | Combined | Combined
Cycle Cycle |Cycle No} Cycle | Cycle No | Cycle No Cycle
SCR SCR SCR
Unit Size (MW) 031029]|291t010(291t0 10| >10 >10 >60 >60

Energy Consumption
(Btwhp-hr) 13,000 13,000 11,000 | 11,000 | 11,000 6,000 6,000

NO, Emissions

(ppmvd @ 15% O,) 25 9 14 9 12 15 9
(1b/MMBtu) 0.093 | 00337 | 0052 |00337| o0.044 0.056 0.0337
(g/hp-hr) 0.55 0.20 0.26 0.17 0.22 0.15 0.092
(Ib/MWh) 0.90 0.59 0.77 0.50 0.65 0.45 0.27

Rule 1146 — Emissions of Oxides of Nitrogen for Industrial, Institutional,
and Commercial Boilers and Process Heaters

Emission Source Industrial, Institutional, and Commercial Boilers and Process Heaters

NO, {b/MMBtu) 0.037

X
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Table 5-3. Natural gas turbine emissions

Turbine location South Coast Air Basin California, U.S.
Year AP-42 1993 2010 1993 2010
Energy Rate (Btu/bhp-hr) | Factor 11,000 11,000 11,000 11,000
Emissions (g/bhp-hr)

NO, 1.32 0.4 0.17 1.7 1.0

Cco 0.55 0.83 1.0 0.83 1.0

Co, 405° 599 599 599 599

CH, 0.17 0.17 0.2 0.17 0.2

NMOG 0.01 0.01 0.01 0.01 0.01
Source code® — n52.1 n52.2 n52.3 n52.4
Reactivity code — 0007 0007 0007 0007
Data source AP-42 Huey EEd Huey EE

‘ 7/93

3NSPS for NO, is 1.39 g/bhp-hr, SCAQMD rule 1134 requirements are equivalent to 0.1 to
O 5 g/bhp-hr.
bAP-42 Emission factor is the same for gas turbines and internal combustion engines which is
not consistent with expected engines efficiency.
°Source codes in this report refer to emission factors in the EFAC data base in Appendix B.
Engmeenng estimate. BACT for gas turbines will result in 0.03 g/bhp-hr. Newer gas
turbines without SCR will have low-NO, configurations.

The current NO, emission estimate for gas turbines located in the South Coast Air Basin is
based on SCAQMD Rule 1134 (Emissions of Oxides of Nitrogen from Stationary Gas Turbines) and
an estimate of the types of gas turbines in the region. Because the NO, limit set forth in Rule 1134
varies according to control technology and rated power output, the NO, emission factor is an average
emission factor for several types of gas turbines with varying power output and control technologies.
The future NO, emission factor for gas turbines in the South Coast Air Basin is based on the
emissions from BACT for gas turbines. '

The current NO, emission factor assigned to gas turbines located outside the South Coast Air
Basin (California and the U.S.) is based on a gas turbine prime mover population profile and
emissions data for those gas turbines. Assuming a greater use of NO, controls, the future NO,
emission factor assigned to California and the U.S. will be lower than the current NO, emission
factor.



Current CO and HC emissions for all turbines in the United States are based on a population
profile of the gas turbine prime movers (Huey, 1993) and emissions data (Urban, 1980 and Fanick,
1988) for uncontrolled gas turbines. By assuming a greater use of NO, control technologies in the
future, CO and HC emissions for all future turbines should increase slightly. For very lean operation,
CO and HC emissions increase as NO, emission decrease. The emissions data also show that
methane emissions make up more than 90 percent of the THC emissions from a gas turbine.

Table 5-4 summarizes the emission and performance characteristics of natural gas
reciprocating engines used for natural gas transmission, prime movers. Table 5-4 estimates current
and future emission rates for engines operating in the South Coast Air Basin, California, and the U.S.
Engines outside of North America are assumed to emit at the 1990 U.S. level. The table also presents
AP-42 emission factors for comparison (U.S. EPA, AP-42, Chapter 3, 1985). Note, the AP-42
emission factors represent uncontrolled reciprocating engines.

Based on a population profile of reciprocating engines prime movers (Huey, 1993) and
emissions data for individual makes and models of engines (Urban, 1980 and Fanick, 1988), the

energy consumption for engines is estimated to be 8,000 Btwbhp-hr. This value can range from
6,000 to 10,000 Btu/bhp-hr.

Population profiles of reciprocating engine prime movers indicate that, the majority of these
engines are lean-burn with relatively few being stoichiometric or rich-burn engines. The emission

Table 5-4. Natural gas reciprocating engine emissions

Engine Location South Coast Air Basin California, U.S.
Year 1990 2010 1990 2010
Energy Rate (Btu/bhp- AP-42
hr) Factor 8,000 8,000 8,000 8,000
Emissions (g/bhp-hr)

NO, 11.0? 2 044 6 2
6(0) 14 2.65 3 2.65 3
Co, 405 463 463 463 463
CH, 5.6 4.42 5 442 5
NMOG 043 045 0.5 0.45 05
Source code — n51.1 n51.2 n51.3 n51.4
Reactivity code — 1001 1001 1001 1001
Data source AP-42 Huey EEP Huey EE
7/93

4SCAQMD rule 1110.2 reqﬁi}ements are equivalent to 0.34 to 0.61 g/bhp-hr.
Engineering estimate.
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factors assigned to reciprocating engine primé movers are associated with lean-burn engines.
Uncontrolled lean burn engines do not operate sufficiently lean to provide significant NO, reductions.
All new lean burn engines sold in North America are configured for low NO, emissions.

NO, emissions outside the South Coast Air Basin (California and the U.S.) are estimated to
be 6 g/bhp-hr, which is based on an engine prime mover population and emissions profile. NO,
emissions for an uncontrolled lean-burn prime mover range from 10 to 12 g/bhp-hr, whereas the
emissions for a controlled lean-burn prime mover are about 1 to 2 g/bhp-hr (Huey, 1994). This study
assumes that roughly half of the engine prime movers outside the South Coast Air Basin are
controlled.

NO, emissions for the South Coast Air Basin and future NO, emissions for California and
North America are estimated to be 2 g/bhp-hr, which is equivalent to a controlled lean-burn engine.
Future NO, emissions for engines located in the South Coast Air Basin are estimate to 0.48 g/bhp-hr,
based on SCAQMD Rule 1110.2 (Emissions from Stationary Internal Combustion Engines).

Current CO and HC emissions for all engine prime movers in the U.S. are based on a
population profile of the gas turbine prime movers (Huey, 1993) and emissions data (Urban, 1980 and
Fanick, 1988) for uncontrolled engines and are consistent with AP-42 factors. Future CO and HC
emissions for all engines in the U.S. should increase slightly due to the greater use of NO, control
technologies. Generally CO and HC emissions increase as NO, emission decreases. Similar to gas
turbines, the emissions data also show that methane emissions makes up over 90 percent of the VOC
emissions from an engine.

Table 5-5 shows the mix of distribution equipment and distances for natural gas transmission.
In the future, natural gas for incremental CNG fueling will come from Canada and Texas (Thomason,
1993). The pipeline distances are apportioned according to their geographic location and represented
as a percentage of 1000 mi. Note that the total for the year 2010 equals 135 percent or 1350 mi.
These values are inputs into the calculation data base discussed in Section 5.4. Current average
natural gas use represents a mix including gas from Southemn California. The allocation percentages
are weighted according to estimated gas usage from different sources.

Natural gas is also a feedstock for LNG, hydrogen, and methanol production. When fuels are
produced outside of Southern California, a natural gas transmission distance of 200 miles is assumed.
Scenario 3 and 4 assume LNG liquefaction within the South Coast Air Basin and requires
transportation into Southern California. LPG is a byproduct of natural gas production. Propane is
produced at gas treatment plants and natural gas does not require significant transmission energy.

5.1.1.1 Farm Equipment

Fuels and feedstocks are transported and distributed by a variety of equipment including
trucks, trains, and marine vessels. Emissions from fuel or material transport were determined from
emission rates and equipment usage factors that take into account distance traveled and cargo load.
The emissions and use factors for the relevant fuels are discussed for each transportation mode.
Several types of biomass are potential feedstocks for fuel production. Ethanol is currently produced
from corn, sugar cane, and waste starch products. The U.S. DOE has explored numerous approaches
for producing fuels from biomass (Ferrell, 1993). Most of the DOE’s development work has been
aimed at ethanol production through enzymatic hydrolysis. This process can convert cellulosic
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Table 5-5. Over;fiew of natural gas pipeline transmission

Year

1990

2010

Equipment

55% recip.? engines
45% gas turbines

50% recip. engines

50% gas turbines

Fuel used by equipment

Natural gas

Natural gas

NG transport for CNGP
Routes, distance to
Southemn California (mi)

Average, 1000

W. Texas, 1350
CA portion, 50°
Alberta Canada,

1350
CA portion, 400°

NG transport allocation

(% of 1000 mi) SC-5%4 SC-5%
CA-25% CA-23%
US-66% US-97%
ROW-6% ROW-10%
Source code n51, n52 n51, n52
NG transport for
LNG Scenario 1
Distance to plant (mi) Wyoming, 200 Algeria, 200
Methanol feedstock transport
Distance to plant (mi) ROW, 200 ROW, 200
Hydrogen and LNG feedstock — CA-23%
transport Scenarios 2, 3, 4 US-97%
Distance to plant (% of 1000 mi) ROW-10%
Use factor (hp-hr/MMscf/mi) 0.9 09

Recip. = Reciprocating, 1990 equipment mix from Thomason, 2010 estimate

from Acurex Environmental (Huey).
5CNG = Compressed natural gas.

“The distance traveled in California depends on the pipeline path. For natural gas

from Texas, the portion traveled in California is 50 miles.
The allocation percentage is an input into the VIEW spreadsheet model. The
numbers do not add to 100% but rather represent the fraction of 1000 miles.

Therefore, 5% corresponds to 50 miles in the SCAQMD and 25% corresponds to

250 miles traveled in California.
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feedstocks to ethanol. Such feedstocks include agricultural wastes, wood waste, and purpose grown
energy crops. Potential energy crops include poplar (a fast-growing tree) and switch grass. Waste
biomass resources in California, if entirely converted to ethanol, can produce about 400 million
gallons per year which would be sufficient to meet near term alternative fuels demand. Farming and
feedstock transportation requirements for energy crops were used to estimate fuel usage in this study.
These energy requirements for purpose farmed biomass are higher than those for waste feedstocks
and represent a conservative estimate.

Emission factors from an ARB study on farming equipment are shown in Table 5-6 (Kreebe,
1992). The study considered a range of equipment power which did not vary substantially (for the
overall emission factor) in NO,. The most prominent size range for agricultural equipment is used
in this study. Typical energy consumption values are assumed for diesel equipment and increased
by 20 percent for gasoline.

Evaporative emissions were estimated from ARB’s study on off-road emissions. For the 40
to 100 hp category of agricultural equipment, evaporative emissions were 550 Ib/unit per year of
which 98 percent were running losses. Running losses in the ARB study were based on the EMFAC
emission factor for uncontrolled automobiles. The study indicates 5248 operating hours per year and
32,906 gallons per year of fuel use for 70 hp equipment. The evaporative emissions are then
7.6 g/gal. An additional 4.6 g/gal was added for uncontrolled fueling emissions from Section 5.2.
Evaporative emissions for RFG- and diesel- fueled equipment were adjusted for the vapor pressure
in proportion to the mass emissions in Section 5.2. Emission factors from AP-42 indicate lower NO,
for diesel and higher NO, for gasoline engines and are shown for comparison in Table 5-7. Emission
rates in this study are based on the ARB study which is a more recent evaluation. The emission
factors also depend upon the duty cycle over which the engine was tested. The range in emission
factors may be due more to differences in engine test cycle than emissions configuration.

Usage rates for farming equipment in Table 5-8 are combined with fuel production yields in
Table 5-9. The location of agricultural emissions are based on assumptions in Section 4. Fuel
consumption per lb of biomass are based on a study by Oak Ridge National Laboratory (Graham,
1992). This study covers the requirements for farming short rotation woody crops (SRWC). Such
crops require annual application of phosphate and potash fertilizer and nitrogen fertilizer on alternate
years. The study shows diesel energy as a proxy for petroleum fuels and other energy inputs.
Table 5-8 shows the energy component for diesel in greater detail. ARB’s off-road emission study
(Kreebe, 1992) indicates that 10 percent of agricultural equipment is gasoline-fueled. Energy
requirements for biomass hauling are estimated for a truck, with a fuel economy of 5 mpg, hauling
37,000 1b of biomass over a 50 mile round trip. Energy requirements for corn production are based
on more specific experience with this crop. The energy requirements per unit of product fuel are
based on the process yield considerations in Section 5.2. Emissions for farming equipment and
feedstock transportation are converted from the emission factors in Table 5-6 to g/10,000 Btu in the
emissions data base. A subsequent step combines these with energy inputs per gallon of fuel product
from Table 5-9.

5.1.1.2 Truck Emissions
Tanker trucks are used to haul fuel for local delivery as well as longer range transportation

for fuels that are not locally available. Table 5-10 shows the emissions from heavy-duty trucks.
ARB’s EMFAC model estimates truck emissions for the average truck load and weight. These
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Table 5-6. Farm equipment emissions

1990 Gasoline
1990 Diesel { 2010 CA 4-stroke 2010
Equipment Type 101-175 hp Diesel 40-100 hp Gasoline
Energy rate (Btu/bhp-hr) 9350 9350 11,2002 © 11,200
Fuel consumption
(g/bhp-hr) 220 220 244 250
Emissions (g/bhp-hr)
NO, 11 7 3.0 30
CcO 34 34 235 235
CO, 700 700 758 758
CH, 0 0 0 0
NMOG 1.1 1.1 8.25 6.6°
Source code bll.1 b11.2 b13.1 b13.2
Reactivity code 9950 9950 9951 9974
Evaporative and fueling
NMOG (g/gal) 0.05 0.05 12.2 104
(g/MMBtu) 0.38 0.38 98 : 85
Source code b13.1 b13.1 bl4.1 bl4.2
Reactivity code 760 760 9995 9795
Year, data source Kreebe, 1992 | Estimate Kreebe, 1992 Estimate
320 percent increase in energy consumption with gasoline.
520 percent reduction in mass emissions with RFG.
Table 5-7. AP-42 emission factors for farm equipment
Fuel Diesel Diesel Gasoline Gasoline
Type of Equipment Tractor | Non-tractor | Tractor | Non-tractor
Emissions (g/bhp-hr)
NO, 9.39 9.03 6.62 5.24
CO 334 4.08 143 218
. HC 1.70 1.68 6.59 8.62
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Table 5-8. Energy input for farming?
Current Technology Future technology
Per Btw/lb Per Btu/lb
Energy Input Hectare® | Biomass | Hectare® | Biomass
Diesel 270 L 322 401 L 322
Gasoline equipment —° 36 —_ 36
Natural gas 77 m3 113 77 m> 69
Electricity 84 kWh | 0.0034¢ | 84kwh | 0.00219
Diesel Transport -~ 37 — 37
Biomass yield (tons/hectare) 12.4 204

4Graham, 1992.
bUnits are shown below.

“The total liquid fuel input per hectare is 270 and 410 L. The split

between gasoline and diesel is estimated on a Btu/lb basis from

Kreebe, 1992,
deWh/lb.

Table 5-9. Equipment energy use for biomass and coal production

. Energy Consumption (Btu/gal)
Yield'l Diesel | Gasoline Diesel
Fuel/Feedstock | (Ib/gal) | Scenario | Tractor | Equipment Truck Location
Methanol/SRWC? 15 1 4830 540 555 CA
Methanol/SRWC 12.2 2,34 3928 439 451 CA
Methanol/coal 8.1 1,2,3,4 1440 0 4885 UsS
Ethanol/waste 15 1 0 0 0 So Cal
Ethanol/comn 194 2 6480 2840 1600 Illinois
Ethanol/SRWC 21.6 34 6955 778 799 CA
Hydrogen/SRWC | 9.6° 34 3091P 346° 3550 CA
Production Phase —_— — 1, farming 2, transport —

2SRWC=short rotation woody crop.

®Ib biomass per 1b of hydrogen or Btu per 1b of hydrogen.




Table 5;10. Heavy-duty truck emissions

1993 CA | 2000 CA 1990 2010
Truck Type Inventory | Inventory | 75,000 GVW | 75,000 GVW
Fuel economy (mi/gal) — — 50 5.0
(Btu/mi) — — 27,560 27,560
Emissions (g/mi)
NO, 12.56 12.27 23.5 94
CO 12.64 12.17 11.0 11.0
Co, — — 2000 2000
CH, — — 0 --
NMOG 248 2.58 1.7 1.7
Source code ' — — 73.1 _ 73.2
Reactivity code — — 9950 9950
Data source EMFAC EMFAC LACMTA data, adjusted for
load (Wool, 1995)

estimates are based on engine dynamometer results in g/bhp-hr which are converted to g/mi.” The
conversion factor implicitly takes into account driving patterns and vehicle loads which probably do
not reflect those of tanker trucks. The Los Angeles County Metropolitan Transportation Authority
has tested numerous heavy-duty vehicles on a chassis dynamometer. A series of tests was run on a
truck whose emissions were tested at gross vehicle weights (GVW) ranging from 25,000 to 55,000 1b
(Acurex Environmental, 1996). Tank truck emissions are based on these chassis dynamometer tests.
More stringent emission controls should results in lower NO, emissions for heavy-duty trucks. The
1990 NO, estimate corresponds to an engine which emits 5 g[bhp—hr Browning, 1993 projects that
heavy- duty engines meeting a 2 g/bhp-hr standard will be feasible. Current alternative-fueled buses
(with 2 g NO,/bhp-hr engines) already have NO, emissions close to 10 g/mi. The ARB and EPA
are working together to develop a national 2 g/bhp-hr NO, standard for heavy-duty vehicles. This
standard is expected to take effect in 2004. Therefore, year 2010 NO, for all trucks in the U.S. are
projected to be 40 percent of current levels.

Table 5-11 shows the load carrying capacity of tanker trucks. The gallon carrying capacity
depends on the liquid fuel density since the truck must meet axle weight requirements. The values
shown in the table are typical for current fuel deliveries. The loads shown in the table are based on
the same capacity for alcohol blends and assume that the load will not be varied to take into account
small differences in fuel density. The load carrying capacity for gaseous hydrogen is also shown. The
load capacity for gaseous hydrogen is so much lower than that of liquid hydrogen, it was not
considered further.

Table 5-12 shows the distances for hauling fuels by tanker truck with the assumption of a

central Los Angeles fueling location. The distances are based on a typical round trip to the
appropriate fuel storage site. Petroleum fuels are stored in proximity to oil refineries in the South
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Table 5-11. Tank truck load for local distribution

Truckload | Fuel Density | Fuel Weight | Truckload Energy
Fuel (gal) (Ib/gal) (Ib) (10° Btu LHV)
Gasoline 8,500 6.0 51,000 979
Reformulated gasoline 8,500 6.0 51,000 923
Diesel 7,080 7.2 51,000 923
M85 7,800 6.5 50,700 507
ES85 7,800 6.5 50,700 "~ 638
M100 7,800 6.6 51,500 445
E100 7,800 6.6 51,500 594
LPG 10,000 4.2 42,000 836
LNG 11,000 35 42,000 874
LH, 11,000 0.584 7,000 361 |
Hydrogen (2,400 psi) 130,000% 0.53b 688 35.5

3Value expressed in scf, not gallons.
bValue expressed in 1b/100 scf, not Ib/gal.

Table 5-12. Tank truck and pipeline distance for fuel distribution

Round Trip
Distance
Fuel Application (mi) Location
Gasoline Local Delivery 50 S. Coast Air Basin
RFG Local delivery 50 S. Coast Air Basin
Diesel Local delivery 50 S. Coast Air Basin
M35 Local delivery 50 S. Coast Air Basin
E85 Local delivery 100 Scenario 1 S. Coast Air Basin
50 Scenario 2-4 S. Coast Air Basin

E100 (biomass) Transport to S. Coast Air Basin 400 Pipeline to LA
M100 (biomass) | Transport to S. Coast Air Basin 400 Sacramento pipeline

Local delivery 50 S. Coast Air Basin
LPG Local delivery 50 S. Coast Air Basin
LNG Transport to S. Coast Air Basin 2000 Wyoming to LA
Scenario 1 Local Delivery 50 S. Coast Air Basin
LNG Transport to 50 Bakersfield to LA
Scenarios 2,3,4 Local Delivery 50 S. Coast Air Basin
LH, Transport to S. Coast Air Basin 800 Sacramento to LA
Scenarios 2,3,4 Local Delivery 50 S. Coast Air Basin
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Coast Air Basin with many storage terminals along the coast (Wilmington, El Segundo, etc.).
Methanol is currently stored at a chemical terminal in San Pedro. Some finished fuels are trucked
further distances. Ethanol is currently produced near Riverside, California and a longer distribution
distance to central Los Angeles is considered for Scenario 1. Future biomass derived fuels may also
be trucked into Los Angeles from outside the area. The distance in the South Coast Air Basin for
California biomass derived fuels as well as imported LNG are estimated for the freeway distance in
the South Coast Air Basin to central Los Angeles.

5.1.1.3 Locomotive Emissions

Several fuels and feedstocks are transported by rail. Table 5-13 shows the emissions of
locomotive engines. Information from an ARB study on locomotive emissions was used as the basis
for current locomotive emissions. Improvements in timing control are expected to reduce NO,
emissions while LNG-fueled locomotives can reduce NO, further. While there is significant interest
in LNG-fueled locomotives, their market penetration is uncertain. LNG-fueled locomotives were
assumed for Scenarios 3 and 4. If LNG is used as a locomotive fuel, it may well be used for trips
across the U.S. and not in California alone. The fuel consumption for locomotives is reported in
gal/1000 ton-mi. This represents the amount of fuel used for a round trip of cargo hauling. Fuel
conswimption for LNG locomotives was calculated from the estimated energy use rate in Btu/bhp-hr.

Table 5-14 shows the distance assumptions for locomotive transport for ethanol produced from
corn. Most fuel options that involved train transport were eliminated from the study since this
transport option was considered to be too expensive. The options that were considered unlikely to
occy. cluded the following:

*+ LNG from Algeria by way of Port Arthur, Texas
*  Methanol from coal gasification with coal shipped from Utah

Table 5-13. Locomotive train emissions

Locomotive Type Diesel Diesel Advanced Diesel LNG
Energy rate (Btu/bhp-hr) — 9167 5200 G723
Fuel Consumption

(g/bhp-hr) —_— 215.6 216.4 191
(gal/1000 net ton-mi) — 5.8 5.82 10.5
(hp-hr/1000 ton-mi) — 87.2 87.2 87.2
Emissions (g/bhp-hr)
NO, 9.5 11.3 7 3
CO 33 1.3 1.3 1.3
CO, — 687 687 516
CH, — 0 0 0.6
NMOG 2.2 0.8 0.8 0.2
Source code — c23.1 c23.2 c23.3
Reactivity code — 9950 9950 1001
Year, data source 11973, AP-42 | 1990, AAR 2010 2010
Scenario 2 Scenarios 3,4




Table 5-14. Energy use for locomotive transport

Distance Capacity
Fuel/Feedstock | Scenario (mi)? (gal/net ton) | Route

Ethanol 2 3800 300 IHinois

3For all fuels, 50 miles in the South Coast Air Basin, and 50 miles
in California were assumed.

5.1.1.4 Marine Vessel Emissions

Crude oil and finished fuels are shipped in tanker ships. Tankers are powered by steam
turbines as well as low speed diesels. The most prominent propulsion system for ocean going tankers
is a two-stroke diesel (Burghardt).

Table 5-15 shows emissions from typical marine diesel propulsion engines. The NO,
emissions are comparable to or slightly higher than those from uncontrolled truck engines. Fuel
consumption in g/bhp-hr is quite high. One reason for the higher fuel consumption is the higher
calorific value of the heavy fuel oil used in marine diesels combined with combustion advantages of
low speed operation and higher compression ratios. Fuel consumption of marine diesels has dropped
from 140 down to 120 g/bhp-hr over the past two decades (compared to 215 g/bhp-hr for a diesel
engine on the EPA transient cycle). NO, levels depend on engine load over the ships operating
profile. Emission factors that take into account a ships operating profile and are expressed in g/kg
fuel shown in Table 5-16.

Tanker capacity is measured in dead weight tons (DWT) which includes the total carrying
capacity of the ship. The load efficiency indicates what fraction of the total cargo capacity is actually

Table 5-15. Emissions from marine diesel engines

Two-stroke Four-stroke
Emission Source Diesel, Bunker Fuel Diesel, Bunker Fuel

Energy rate (Btw/bhp-hr) 5890 6086
BSFC (g/bhp-hr) ‘ 120 to 140 120 to 140
Emissions (g/bhp-hr)

NO, 13.4 104

6(0) 0.15 0.75

Co, 448 463

CH, —_ —

NMOG . 0.6 0.2
Source Alexanderson Alexanderson
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Table 5-16. Emissioh and use factors for tanker ship operations

Emission Source

150,000 DWT tanker
1990 diesel motor

At sea use factors

Fuel Consumption (kg/ton-mi) 0.0018
Load efficiency 0.95
Fuel Bunker fuel
Energy Content (Btu/kg) 40,350
At sea emissions (g/kg fuel)

NO, 70

CO 1

co, 3300

CH, -

NMOG 4
Sources Kimble, Melhus, Bremnes

Emission Source

Tug boats and ships

In port use factors

Port transit time (h) 2
Hotelling, pumping (h) 30
Tugboat operation (h) 8
Fuel use (kg/visit) 7,716
(kg/DWT) 0.051
Fuel diesel
Energy content (Btu/kg) 42,560
In port and tugboat emission
factors (g/kg fuel)
NO, 37
CO 139
CO, 3200
CH, —
NMOG 6.9
Sources AP-42, Kelley, Kimble
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carried. Fuel consumption decreases with larger tanker size. Tanker carrying load is measured in
ton-miles. For marine applications distance is measured in nautical miles (2000 yards) and speed is
measured in knots or nautical miles per hour. For this analysis, crude oil, LNG, and methanol are
shipped in 150,000 DWT tankers. Fuel consumption for tankers also varies with tanker speed and
ocean conditions. Data from several sources (ARB, 1990) indicate that the fuel consumption for a
modern tanker is about 1.8 kg/1000 ton-mi. This fuel consumption is based on a round trip, carrying
ballast on the return trip.

Tanker ships also produce emissions while in port. Auxiliary engines operate to produce
electric power and tugboat maneuver the tanker into port or to the oil unloading platform. In-port
time for tanker ships is generally as short as possible in order to maximize use of the tanker. In-port
operation time and fuel consumption were estimated from information included in and ARB workshop
on marine emissions. Tugboat fuel consumption is estimated from hours of tugboat operation and
tugboat fuel consumption curves. NO, emission factors are lower for port operations than those for
at sea operations because the engines operate at lower load, use lighter diesel oil, and a different mix
of engines.

Table 5-17 shows the distances traveled by tanker ships. The capacity of the tanker in gallons
of product per DWT is also shown. Tankers carry about 95 percent of their weight capacity as cargo
with the balance being consumables and ballast. Thus 95 percent of a short ton results in 288 gal
of methanol per DWT (2000 1b/ton/6.6 1b/gal x 0.95 capacity). LNG tankers do not carry their entire
tonnage capacity as cargo since they are limited by volume carrying capability.

Table 5-18 shows the marine transportation distance assumptions that are inputs for the
emissions data base. Distance traveled is expressed as a percentage of 1000 mi. The percentages
represent the weighted average of the shipping distance that corresponds to the locations indicated
in the table. Tanker travel distance in the South Coast Air Basin is taken to be 26 nautical miles.
Several studies have considered the appropriate distance to include for marine vessel inventories (Port

Table 5-17. Overview of waterway transportation

Route to One Way Distance Capacity
Los Angeles (naut. mi)? Cargo (Gallons/DWT)
Vancouver, BC 570 mi in CA Methanol 288
Valdez, AK 200 mi in CA Crude Oil 247
Singapore 15,450 Crude Oil 247
Singapore 15,450 Methanol 288
Singapore 15,450 LNG 400P

#Nautical Mile = 1.136 mile = 2,000 yards.

bLNG capacity would be 543 gal/DWT if ship were not volume limited. Imported
LNG may not be a feasible option for vehicle use due to the cost of rail
transportation. This option was not included as one of the cases that were
studied.
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Table 5-18. Sﬁmmary of marine transport distances

Fuel Methanol Crude Oil
' Year 1990 2010 1990 2010
Location Vancouver | 50% Vancouver | 45% Alaska 34% Alaska

50% Singapore | 5% Indonesia | 24% Indonesia

Mileage Allocation

% of 1,000 mi
South Coast Air Basin 2.6 2.62 2.6 2.6
California 544 27.2 18 12
U.S. 43 215 2.3 1.5
ROW 0 771 311 750
Source Code
Ship M51.1 MS51.1 0214 0214
Port M51.3 M51.3 021.3 0213

2Represents percentage of 10,000 miles and therefore does not add to 100%.

of Los Angeles). The SCAQMD boundaries include a 32 nautical mile section towards Ventura
County and an 18 nautical miles section heading to the South. Other studies have drawn a 88
nautical mile radius from shore or a similar shape out past San Clemente Island. Tanker ships
probably reduce their power and coast when entering port which would lead to lower emissions along
the coast. A relatively shorter (26 mi) tanker travel distance was assumed for this study while tanker
emissions are not adjusted for reduced load. Assuming a longer distance and lower emissions would
yield a similar result.

5.1.2 Combustion Emissions

Several combustion sources are used in the production of fuels. These include boilers that
produce steam for oil refineries, electric power generation, and ethanol distillation. Other combustion
energy requirements are reformer furnaces for oil refineries, methanol, hydrogen, and ammonia plants.

Table 5-19 shows the NO, emission assumptions for different regions and timeframes.
Outside the U.S. (ROW and 1990 U.S. emissions are assumed to be the AP-42 values. NO,
emissions are projected for other regions and the year 2010 for emission sources that are relevant to
scenarios in this study. Combustion sources in the U.S. are assumed to comply with NSPS levels by
2010. California sources are assumed to be equipped with NO, controls except for SCR in 1990 and
with SCR by 2010. NO, emissions from gas fired process heaters in the South Coast Air Basin
(other than power generation equipment and prime movers) were assumed to be 0.03 1b/MMBtu.
CO, CH,, and NMOG emissions were assumed to be the same as those from AP-42. CO, emissions
reflect the combustion of incremental carbon that was not recently removed from the atmosphere.
CO, emissions from biomass combustion were counted as zero since the carbon in biomass was
recently removed from the atmosphere as CO,.
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Table 5-20 shows combustion energy requirements for fuel production. Oil production and
refining and gasification systems are covered separately. Electricity inputs for fuel production are
shown for completeness. Emissions from ammonia, methanol, and hydrogen production correspond
to combustion energy from a reformer and represent about 30 percent of the total natural gas energy
input. Negative values under the heading of production electricity represent net electric power that
is produced as part of the fuel production process. The production emissions are credited for the
emissions required to produce electricity.

Combustion energy inputs are combined with emission factors in subsequent sections and
calculated as g/10,000 Btu. The energy input for biomass production represents the fraction of
combustion emissions associated with a gallon of fuel production. For example, 1,400 Btus of LPG
are required to produce a gallon of ethanol. This energy is represented as 14 percent of the emission
rate for LPG combustion emissions (0.14 x 0.64 g NO,/10,000 Btu).

. Table 5-20. Combustion energy inputs

Extraction Production
Ammonia NG/
Production | LPG | Electric | Combustion | Electric
Fuel/Feedstock Scenario (Btu) (Btu) | (kWh) (Btu) (kWh)? | Location
Methanol/SRWCP© 1 1000 0 0.05 Gasifierd 0.77 CA
Methanol/SRWC 2,34 1000 0 0.026 Gasifier 1.07 CA
Methanol/NG-SR 1 0 0 0 32,190 -0.04 ROW
Methanol/NG-SR 2,34 0 0 0] 30,060 -0.09 ROW
M. hanol/NG-POX 2,34 0 0 0 poxd 0.025 ROW
Ethanol/waste? 1 0 0 0.05 41,000 0 S. Coast
Air Basin
E:hanol/corn -2 6,000 1400 0.065 35,000 -1.5 Tilinois
Ethanol/SRWC 3,4 2,000 0 0.045 36,350 -1.8 CA
Hydrogen/NG® 1 1000 0 0.02 Gasifierd 0 CA
Hydrogen/SRWC 2,34 1000 0 0 2.18 CA
LPG from natural 1,2,3,4 -0 50 0 0 0 Texas
gas processin gb

Net electric production. Some processes generate steam to generate electricity as a byproduct. Byproduct
electricity is credited towards the total fuel-cycle emissions.

bper gal or methanol, ethanol, or LPG.

“SRWC=Short rotation woody crops.

dGasifiers and partial oxidation reactors (POX) do not burn air, so no combustion ocecurs in the
conventional sense. Emissions -are not proportional to the amount of combusted fuel. Emissions are
estimated separately.

€Per Ib of hydrogen.
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5.2 FUEL PROCESSING
5.2.1 Petroleum Fuels

A number of petroleum products are produced from crude oil. Refineries produce gasoline,
diesel, kerosene/jet fuel, LPG, residual oil, asphalt and other products. A variety of co-feedstocks,
including natural gas, electricity, hydrocarbons from other refineries, and MTBE and other
oxygenates, complicates the analysis of fuel cycle emissions. Different crude oil feedstocks, gasoline
specifications, and product mixes also complicates the picture for refineries.

Determining the emissions from the production of petroleum products involved the following
approach. The SCAQMD emissions inventory includes emissions from oil production, refining, and
distribution. These emissions are broken down by type, e.g. fugitives from valves and flanges.
Emissions from base year, 1990, is based on emission use fees from stationary sources. These values
were the basis for determining emissions, on a gram per total amount of petroleum production basis.
However, these emissions need to be allocated to the various refinery products in order to reflect the
energy requirements for producing different fuels.

A refinery model was used to determine the energy inputs required to produce different
gasoline, diesel, and other petroleum products. Refinery combustion emissions were allocated to
gasoline in proportion to the energy requirements for refinery units. The refinery model was also
used to determine changes in refinery energy needed to produce reformulated gasoline. This approach
results in the average emissions from refineries. Displacing gasoline with alternative fuels will have
varying effects on gasoline production emissions depending upon the amount of gasoline displaced.
The issue of incremental emissions is addressed in Section 5.5.

5.2.1.1 Refinery Model

A model refinery developed by MARTECH International was used to evaluate the emissions
from refinery units. This model was used to allocate emissions to refinery products in this study and
to estimate changes in refinery energy consumption for reformulated gasoline production. A generic
refinery plan in Figure 5-1 identifies major process units and throughputs for the production of
gasoline. The plan includes the following processes:

* Atmospheric crude distillation

*  Vacuum crude distillation

»  Saturated gas plant

* Naphtha desulfurization

*  Catalytic Naphtha reforming

* Kerosene hydrodesulfurization

* Diesel hydrodesulfurization

e Light vacuum gasoil hydrocracking
* Heavy vacuum gasoil desulfurization
*  Fluid catalytic cracking

*  Unsaturated gas plant

»  Sulfuric acid alkylation

* Delayed coking
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* Hydrogen manufacture -
*  Sulfur recovery

The processes included in the plan are representative of those present in most of the major
refineries currently operating in the Los Angeles Basin. The objective of the plan is to evaluate
emission. No attempt has been made to compare this plan with alternative plans on an economic
basis.

5.2.1.2 Crude Feedstock

Feed to the refinery is 120,000 bbl/d of mixed crudes. The mixture is 30.6° API and contains
2.51 wt% sulfur. This particular mixture was selected primarily because of the availability of crude
assay data, and the availability of product yield and quality data for the conversion processes included
in the plan. In California, refineries fall into four basic categories:

» Topping

* Hydroskimming
= Conversion

¢ Deep conversion

The refinery model is intended to represent an average refinery and does not illustrate the variation
in energy requirements and product mixes that are seen in actual refineries.

5.2.1.3 Processing Scheme

Hydrogen processing is used extensively in the plant in order to meet product quality
requirements. In addition, feed to the FCC is severely hydrotreated in order to meet SO, emission
regulations in the FCC regenerator flue gas.

The FCC operates in the maximum gasoline mode. The C4/C, olefin stream is fed to a
Sulfuric Acid alkylation unit. Purchase of outside isobutane is required to meet alkylation
requirements.

Feed to the catalytic reformer is primarily a mixture of hydrotreated straight run and coker
napthas plus heavy hydrocracker naphtha. Insufficient hydrogen is produced in the reformer to meet
all of the hydrotreating requirements. Additional hydrogen is manufactured in a steam methane
reforming unit followed by a pressure swing absorption (PSA) unit.

5.2.1.4 Product Yields and Quantities

The yields and quantities from the products from the various processes were taken primarily
from licensor information. Generalized correlations were used when licensor data were unavailable.
Table 5-21 represents the total capacities of the processes used in all California refineries as of
January 1, 1991. The refining scheme represents the mix of most California refining operations;
however, it does not closely match catalytic cracking, catalytic hydrofining, and isomerization. The
model was developed under the constraints of meeting octane, benzene, RVP, olefin, and oxygen
objectives. Then, changes in energy input, natural gas import, and MTBE import were determined.
Given the need to meet fuel properties while also maintaining the constraints of the model, some
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Table 5-21. Comparison between California 1991 refinery capacities and model refinery

(92096-E-1)
California Flow Diagram 92096-E-1
Stream bbl/day vol % bbl/day vol %
Crude 2,339,200 100 120,000 100
Vacuum distillation 1,334,630 57 61,080 51
Thermal 538,000 23 31,019 26
Cat cracking 656,000 28 14,767 12
Cat reforming 545,500 23 29,406 25
Cat hydrocracking 413,000 18 21,532 18
Cat hydrofining 573,500 25 41,401 35
Cat hydrotreating 937,900 40 40,556 34
Alkylation 132,500 6 6,032 5
Isomerization 17,900 1 10,973 9
Lubes 29,400 1 — —
Asphalt 89,500 4 — —
Hydrogen manufacturer
(Mscf/day) 1053 — 50 —
(scf/bbl crude) — 450 — 415
Coke ton/day 20,962 — 1460 —
ton/day/1000 bbl 9 _— 12

compromises in outputs had to be made. Within the constraints of the model, reducing RVP was very
difficult and the RFG model has very low butane content. It is not clear if a single refinery model
could be made to represent all of California’s refineries. Therefore, these results should simply be

used as a tool for evaluating the changes in energy inputs when converting to reformulated gasoline
production.

This discrepancy between the model and California refinery components is probably not
significant within the objectives of the model. Figure 5-2 shows the mix of refinery products in
California (CEC, 1990). The mix of gasoline, distillate products, and LPG is quite close to when
comparing Figures 5-1 and 5-2. The plant uses natural gas feed for hydrogen manufacturing.
Table 5-22 shows the emissions from the units of the model oil refinery. Total combustion NO,
emissions based on 0.03 1b/MMBHtu translate into 0.18 g/gal of gasoline (total emissions divided by
gasoline output). This value compares to 0.289 g/gal in the 1990 SCAQMD inventory.

The refinery modeling was used to allocate combustion emissions to gasoline. Emissions

from refinery units in the model were allocated to the petroleum products produced by each refinery
unit. For example, all of the combustion emissions associated with the diesel hydrodesulfurization
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Table 5-22. - Petroleum refinery emissions by fuel input

Emissions (1b/hr)

Unit, Capacity MMBtu/day NO, CO, SO,
Fired refinery units
Crude, 120,000 bbl/day® 8,976 11.22 56,212 28.1
Delayed coker, 30,400 bbl/day 4,608 5.76 28,857 1443
FCC feed HDS, 16,150 bbl/day 888 1.11 5,547 277
Hydrocracker, 21,500 bbl/day 3,288 4.11 20,580 10.29
Diesel HDS, 19,900 bbl/day 528 0.66 3,294 1.65
Kerosene HDS, 18,040 bbl/day 1,560 1.95 9,758 4.86
Naphtha HDS, 29,400 bbl/day 1,944 243 12,155 6.08
Reformer, 29,400 bbl/day 7,992 9.99 50,041 25.02
Hydrogen unit, 40 MMscf/day 4,712 5.89 16,680 —_
Sulfur recovery, 290 tons/day 340 1.05 5,254 49.0
Steam import to refinery
672 MMBtu/day

3pb] = barrel, 42 gal.

®Emission factors are 0.03 Ib NO,/MMBiu, 150 Ib CO,/MMBtu, and 0.075 Ib
SO,/MMBtu. FCC emissions are not included. Estimate 7.0 Ib/hr from SCAQMD

1990 inventory.

Note: (A) Purchased IsoC4 = 1,333 barrels/day

(B) Purchase Natural Gas = 398 barrels/day

(C) Purchased Electricity = 45,300 kW
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unit are attributed to diesel fuel. Table 5-23 shows the allocation of crude oil energy input and
imported energy to gasoline, diesel, kerosene (same as jet fuel), and LPG.

Fugitive emissions and oil production emissions were allocated to gasoline in proportion to
gasoline’s share of the mix of petroleum products in California (Figure 5-2).

5.2.1.5 Reformulated Gasoline

The refinery model was adjusted for the production of Phase 2 gasoline (Figure 5-3). This
study assumed that the refinery imported 6730 barrels of MTBE to blend with the gasoline. In
addition, additional hydrotreating was required to provide lower sulfur levels in gasoline. Emissions
associated with isobutylene production were assumed to be similar to those for gasoline production
and were included in the refinery model. Fuel-cycle emissions from natural gas, electricity, and
methanol production were included as part of the fuel production emissions and were tracked
separately.

Table 5-24 compares the output from the model refinery producing conventional gasoline and
the model refinery producing reformulated gasoline. The refinery product outputs were combined
with energy inputs to determine the allocation of combustion emissions and feedstocks to
reformulated gasoline in Table 5-23.

Table 5-23. Allocation of product output and energy consumption for refineries

Product | Combustion Energy Inputs (Btu per gallon of product)
Output Fuel
Btus Allocation Natural Total Energy
Product (%) (%)? Gas Electricity Methanol Ratio (%)

Conventional
Gasoline 56 69 551 2549 (0.75 kWh) 0 119.6
Kerosene (jet) 17 41 348 546 (0.15 kWh) 0 108.7
Diesel 25 48 482 1549 (0.45 kWh) 0 1129
LPG 2 17 197 64 (0.019 kWh) 0 107.3
Phase 2
Gasoline 58 69 551 2594 (0.75 kWh) 2633 120.8
Kerosene (jet) 17 42 348 546 (0.15 kWh) 0 108.7
Diesel 23 52 482 1549 (0.45 kWh) 0 1129
LPG 2 15 197 64 (0.019 kWh) 0 107.3

4The combustion energy allocation applies to emissions and energy use expressed on g/gal of gasoline
basis and determines the emissions allocated to the specific fuel on a g/gal basis.
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Table 5-24. Comparison between gasoline pools from conventional and reformulated
gasoline model refineries

Refinery ""A'" Conventional

Refinery "B'' Reformulated

Component bbl/day vol % bbl/day vol %
Isomerate 11,548 204 11,548 18.72
Reformate (100 RON?) 22,664 40.0 —_— —
Hydrotreated Lt. Reformate — — 5,985 9.7°
Hy Reformate (96 RON) — — 20,036 32.6°
Lt. Hydrocrackate 3,087 55 3,784 6.1
Alkylate 6,032 10.6 5,653 9.2
MTBE — — 7,656 124
FCC Gasoline 9,584 16.9 6,410 104
Butane 3,764 6.6 536 0.9¢
Total 56,679 100.0 61,608 100.0

Estimated Properties

RVP (psi)

Total Aromatics (vol %)
Benzene (vol %)
Olefins (vol %)

T-90 °F

RON

MON®

Oxygen (wt%)

9.5
30

315
93
85

7.0
22
<1

3154
94
86

2.7

2RON = Research Octane Number.
PThese values are somewhat high for Phase 2 reformulated gasoline.

“This low level of butane may be difficult to achieve in an existing refinery without extensive
revamp of upstream fractionation equipment.

dARB Phase 2 specification is 330°F. Projected value is 290°F.

®MON = Motor Octane Number.

TARB Phase 2 limit is 2.7%. Projected value is 2%.

5.2.1.6 SCAQMD Inventory

The SCAQMD emissions inventory provides insight into emissions from oil production,
refining, and distribution in the four county South Coast Air Basin. Refineries and oil producers
submit emission fee forms annually to the SCAQMD. Emissions for these forms are determined
from either published emission factors or from source testing. These values make up SCAQMD’s

base year inventory.

Most of the emission rates are determined from calculations that depends on equipment type
and throughput using SCAQMD and AP-42 emission factors. Other emission are determined from
source testing. Testing performed by the API indicates that some of these factors may be excessively
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high. WSPA indicates that some of these emission factors are overstated and do not accurately reflect
SCAQMD’s stringent emission controls that are already in place. However, this subject is still under
review by SCAQMD and ARB.

The SCAQMD inventory is determined for average days as well as summer and winter days.
The summer inventory was examined in this study since it is intended to represent conditions for
maximum ozone formation. The summer inventory may not be representative of the petroleum
industry since refineries operate at fairly constant capacity and are not affected by seasonal activities.
The summer inventory may also be adjusted for increases in temperature and higher evaporative
emissions. Higher RVPs in the winter might cancel out the temperature effect, however, crude oil
breathing losses will be higher.

Table 5-25 shows the SCAQMD summer inventory for the years 1990, 2000, and 2010 for
the South Coast Air Basin (SCAQMD, April 1994, III-B). All of the values in the table were
extracted from the 1994 inventory document with the exception of the refinery product throughput
(19,500,000 gal/day) which was determined from a data base run performed by ARB’s inventory
division. Emissions for 1990 represent a baseline from which future year emissions are projected.
The inventory for the years 2000 and 2010 are based on economic growth factors and control factors
in the SCAQMD plan (SCAQMD, April 1994, III-A). While the g/gal emissions for the years 2000
and 2010 based on the SCAQMD plan were not used further in this study, they are presented here
for comparison. This study assumes no further growth in oil refinery capacity and refinery emissions
consistent with a fixed output. The departure from the inventory and the values used in this study
could be a significant result. Air quality modelers have expended a substantial effort in evaluating
the effect of alternative fueled vehicles on ozone in the South Coast Air Basin (Russell, 1992, Auto
Oil, 1994). Assumptions on baseline refinery emissions might be expected to have an effect on the
outcome of such models and the implications of Table 5-25 should be examined.

The estimated gasoline production corresponding to the growth factors is used to calculate
g/gal values in Table 5-25. Emissions for the years 2000 and 2010 inventories increase due to growth
factors for additional gasoline throughput through service stations and also increases in petroleum
activities in the South Coast Air Basin. All of the emissions estimates used in this study for the year
2010 are based on reduction factors discussed later.

The SCAQMD inventory for gasoline distribution emissions shown near the bottom of
Table 5-25 indicate no reduction of emission factors between the years 1990 and 2010. Reduced
vapor pressure due to reformulated gasoline as well as vehicle on-board vapor recovery systems will
be phased in over this period. These measures might be expected to reduce both refueling working
losses and possibly fuel spillage.

The emission categories in Table 5-25 are organized according to oil production and refining
and gasoline storage and distribution. The SCAQMD inventory for gasoline distribution is Iumped
into a category for gasoline and methanol distribution. However, the volume of methanol in the
inventory is either zero or negligible. Gasoline distribution emissions and retail station throughput
correspond to published ARB numbers (Asragadoo, 1992). The total tons/day values in Table 5-25,
listed by source category, do not completely correspond to the total inventory for petroleum
operations (in the year 1990). Total petroleum processing, storage, and transfer VOC emissions for
summer operation are reported as 107.3 tons/day VOC, and 1.38 tons/day NO, (SCAQMD, 1992).
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Processing, storage, and transfer NO, emissions for 1990 in Table 5-25 are 1.27 tons/day
(excluding refinery) which is a small discrepancy with the 1.38 ton/day value. There is a larger
difference in ROG emissions (about 50 tons/day in Table 5-25 compared with 107.3 tons/day. This
discrepancy may be due to the classification of some emission sources. This larger total petroleum
category appears to include natural gas production not included in Table 5-25 based on the large
fraction of TOG (about 300 tons/day, which includes methane) that corresponds to the 107.3 tons/day
of VOC. Therefore, the values that are presented in Table 5-25 appear to be an appropriate baseline
for estimating refinery emissions.

Emission rates in g/gal of gasoline were calculated for the categories in Table 5-25, taking
the ton/day emissions divided by throughput. CEC data was used to determine 1993 gasoline
production figures for South Coast Air Basin Refineries (CEC, 1993). Gasoline sales at service
stations and other dispensing facilities were determined by ARB from fuel tax data. The smaller
gasoline sales versus production for the South Coast Air Basin area is consistent with exports to East
San Bernadino, Ventura, and San Diego Counties as well as to Arizona and Nevada. Emissions for
Scenario 1 were based on the SCAQMD 1990 inventory, while emissions for Scenarios 2, 3, and 4,
were based on reduction factors applied to g/gal estimates. Thus, uncertainties in the inventory
throughput do not affect the outcome of this study.

Table 5-26 compares the VOC emissions from oil production and distribution from the 1990
SCAQMD inventory to g/gal values presented by DeLuchi and Lyons. The refining and production
values in Table 5-25 are shown on a total refinery emissions per gallon of gasoline basis. These
emissions must be allocated to gasoline (56 percent for production and 69 percent for refining as
shown in Table 5-23. The values by DeLuchi were also allocated to gasoline production.

Table 5-26. Comparison of VOC emissions from oil production and distribution (g/gal)

South Coast Deluchi,
Air Basin 2000 RUL
SCAQMD | Table 5-25 Lyons
Emission Source 1990 Scenario 1 Low High | 7.0 RVP
Oil production 0.44892 0.277 0.135 0.135 0
Oil refining 0.92942 0.812 1.05 1.05 0
Refinery product storage 0.2307 0.19 0.168 0.168 | Included
Pipeline transfer Included 0 0.0047 0.23 0
Bulk storage working loss 0.0061 0.0383 0.273 0.553 0.1675
Tank truck fill spillage 0 0.0176 0 0 0.0318
Tank truck working loss 0.049 0.0566 1.276 1416 0.1317
Service Station working loss 0.395 0.1796 0.163 0.172 0.1675
Service station tank breathing 0.063 0.29 0.348 0.348 0
Vehicle refueling working loss 0.633 0.4123 0.277 0.713 0.1766
Vehicle fueling spillage 0.318 0.318 0.318 0.318 0.3178
Total 3.073 2.59 4013 5.103 0.993

#Total emissions per gallon of gasoline. All other values in this table allocate the share of
refinery emissions to gasoline according to guidelines laid out in each study.

5-32



5.2.1.7 Potential Emission Reductions

" The 1990 SCAQMD inventory, expressed in g/gal, was used to determine the emission rates
for petroleum operations in the South Coast Air Basin. 1990 emissions for oil production and
refineries correspond to the g/gal values in Table 5-25. Emissions for 2010 were estimated by
multiplying the 1990 values by reduction factors in the SCAQMD plan.

Table 5-27 shows SCAQMD reduction factors (refereed to as control factors, SCAQMD,
1994) that apply to the estimation of future year inventories. Correction factors that take into account
lower fugitive emissions are shown on the right column of the table. These reduction factors take
into account all emission reduction factors considered in the SCAQMD plan.

Fluidized catalyst crackers (FCC) represent a special case since combustion does not occur
in a typical manner. Carbon deposits build up in the FCC and reduce its efficiency. Spent catalyst
is sent to a regenerator to burn off the carbon. The carbon is oxidized to form CO and the CO is
bumed in a boiler. Prior to 1993, emissions from CO boilers were limited to 0.14 1b/MMBtu. After
1993 this limit became 0.03 1b/MMBtu.

Comparing the results of the refinery model to the estimate from the South Coast Air Basin
Inventory, the model indicates 0.19 g/gal of direct combustion refinery NO, emissions compared with
0.289 g/gal for the 1990 SCAQMD inventory (total NO,/total gasoline). The 21 percent factor in
Table 5-27 reduces the SCAQMD inventory value for 2010 NO, to 0.061 g/gal. The SCAQMD
inventory based values were used in this study. The refinery model was used to determine the
allocation to gasoline and project emissions from reformulated gasoline production.

Recent studies provide an abundance of data on fugitive emission correlations for refinery and

gasoline terminal equipment. A 1993 WSPA/API study covers refinery fugitive emissions and a 1993
API study covers marketing terminals. GRI/API are also studying fugitive emissions from oil and

Table 5-27. Control factors by SCAQMD for post-1990 compliance

Rule Reduction Factor
Adoption

Date No. Rule Name, Pollutant 1994 | 2000 2010
May 1990 | 431.1 | Gaseous Fuel Sulfur Content, SO, 0.6 0.17 0.17
Apr. 1990 | 431.2 | Liquid Fuel Sulfur Content, SO, 0.16 | 0.16 | 0.16
Aug. 1988 1109 | Refiner Boiler and Process Heater, NO 0.71 0.21 0.21

X

Aug. 1990 | 1110 | Emissions from Internal Combustion 0.73 | 036 | 0.078
Engines, NOx

July 1991 1142 | Marine Tank Vessel Operations, VOC 0.06 | 0.06 | 0.06

Oct. 1990 1146 | Industrial Boilers, Generators, and 0.38 0.36 0.36
Heaters, NO,

July 1989 1173 | Fugitive Emissions of VOCs, VOC 0.53 0.53 0.53
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gas production operations. These studies provide data on the relationship between mass emissions
and gas concentrations for fugitive hydrocarbon emissions. The refinery study generated data that
indicated lower mass emissions for a given hydrocarbon concentration (correlation factor) These
correlation factors are lower than those used for current inventory calculations in the South Coast Air
Basin. However, the new emission studies also use different measurement and calculation protocols
than those used in inventory calculations. These new fugitive emission data are being evaluated by
air quality regulators. WSPA estimates that fugitive emissions are 3 to 10 times lower that currently
calculated (WSPA, 1994 Comments on SCAQMD plan). However, the effect of new correlation
factors on existing inventory calculations is not certain and has not been evaluated by air quality
regulators.

Gasoline production emissions for Scenario 1 correspond to those in the 1990 inventory.
Scenarios 2, 3, and 4, are adjusted to reflect emission control rules for the year 2010. The extent of
emission controls on oil production in the South Coast Air Basin affects primarily the analysis of
average emissions. The emissions from producing a marginal gallon of gasoline are assumed to be
zero (based on fuel supply and demand considerations). Therefore, the extent of emission control on
refinery emissions does not affect the analysis of marginal emissions in this study.

Comments from the oil industry indicate that the 1990 SCAQMD inventory is overstated by
a factor of approximately 5, based on the API refinery study. The study shows lower VOC emissions
as a function of measured VOC concentrations than had previously been used for inventory analysis.
However, according to ARB, the API study correlates mass emissions as a function of measured
concentrations according to a new protocol for measurements. Therefore, it is not clear that applying
the methodology in the API study to California refineries would result in a reduction in mass
emissions. Consequently, fugitive VOC emissions from refineries were based on the 1990 inventory
and reduction factor shown in Table 5-27.

To put the values in Table 5-25 in perspective, the SCAQMD projects a 56 ton/day decrease
in NO, emissions from all stationary sources subject to RECLAIM by the year 2010. A further NO,
reduction of 19 tons/day (by 2010) is expected from the RECLAIM program as well as further
emission controls on stationary internal combustion engines.

5.2.2 Methanol

Methanol was first produced by heating wood and distilling the products. In 1913, methanol
was produced by passing CO and H, over an iron catalyst. Currently, almost all of the methanol in
the world is made by dissociating natural gas, primarily CH,, into CO and H, with the addition of
steam or oxygen (referred to as steam reforming or partial oxidation, respectively). Some CO,, CHy,
and light hydrocarbons are also produced. This gas mixture produced through steam reforming or
partial oxidation is called synthesis gas or syngas. Methanol is produced under pressure in a reactor
by catalyzing CO and CO, with H,. Crude methanol produced by the reactor is then refined into
chemical grade methanol.

Steam reforming of natural gas yields synthesis gas for methanol production through the
following chemical reaction:
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CH, + Hy0 — CO + 3H, (5-1)

The products that are formed by the gasification of coal or biomass (CO, CO,, H,, H,0O and
CH,) can also be processed into suitable feedstock for methanol synthesis. Likewise, CO, and H,
can be the feedstock for methanol production.

Methanol produced by catalyzing CO and CO, with H, is formed through the following
reactions:

CO, + 3H, — CH30H + H)0
(5-2)
CO + 2H, — CH,;0H

Process energy requirements for methanol production from natural gas, coal, and biomass are
shown in Tables 5-28 through 5-30. Emissions were determined from the combustion energy
requirements and using EPA emission factors for external combustion equipment. Data from
SPECIATE provided fugitive emissions from purge and distillation. Natural gas, coal, and biomass
feedstocks for methanol production were considered. These are all thermochemical processes that
produce the required mixture of CO and hydrogen at high temperatures. The gas is cooled and
reacted to produce methanol.

Figure 5-4 shows the configuration of a natural-gas-to-methanol facility. This facility converts
natural gas to synthesis gas in a steam reformer. Emission sources include the reformer flue gas,
purge vents, distillation vent, and other fugitive emissions.

The POX process produces a more stoichiometrically optimum synthesis gas which is fed to
the methanol reactor. In this process, oxygen reacts with methane to produce two moles of hydrogen
per mole of CO. The POX reactor is exothermic and does not require combustion with air.
Therefore, NO, emissions from this process are negligible. Combining a POX plant with a steam
reformer is a particularly advantageous process since the exothermic heat from the POX unit can be
used as energy for the steam reformer. When available, adding CO, can enhance the efficiency of
methanol production.

Natural gas production and transport emissions are similar to those for CNG production. A
pipeline distance of 200 miles was assumed for feedstock transport and the same fugitive values as
those for CNG were used. Transport emissions take into account the pipeline distance and natural
gas feed rate.

Emissions from production facilities were estimated from the SPECIATE data base and
emission factors for combustion emissions. Fugitive emissions from 1990s technology are based on
values in SPECIATE. These include purge vent and distillation vent emissions. For future
technology, 80 percent control is assumed as these hydrocarbons will be burned in the reformer. No
data on other fugitive emissions from valves were available, and a total of 50 Ib of hydrocarbon
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Table 5-28. Methanol pfocessing from natural gas

Steam Reforming

Combined Partial
Process Current Advanced Oxidation Various

Fuel Processing
Electricity use -0.04 -0.09 0.25 —
(kWh/gal)
Energy ratio (%) 66.8 68.3 72.3 62 to 77
NG? feed (Btw/gal) 96,970 94,840 89,591 83,800 1o 104,000

(100 scf/gal) 0.941 0.921 0.870
Combustion 32,190 30,060 24,820 19,260 to 39,500
(Btu/gal)
Emission Source P.V.l | D.V. | Reformer | P.V. | D.V. | Reformer | P.V. | D.V. | Vent —
Emissions (g/gal) —

NO, 0 0 294 0 0 1.36 0 0 028 —

N,O 0 0 0 0 0 0 0 0 0 —

Cco 0 0 0.50 0 0 0.46 0 1 0.09 —

CO, 5 1 1,135 1 1 1,023 1 1 737 —

CH, 29 0 0.04 0291 O 0.04 0.29 0 001 —

NMoOG¢ 04 1.2 0.04 0.04 | 0.12 0.04 0.04 | 0.12 | 0.01 —

Profile 1070 | 1071 9981 1070 | 1071 9981 1070 | 1071 | 9981 —
Reference Unnasch, 1989 Bechtel Bechtel DeLuchi

NG = Natural gas.
bpv. = Purge vent.

°D.V. = Distill vent.

dNMOG = Non-methane organic gases.
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"Table 5-29. Methanol processing from coal and sewage sludge

Process

Shell Entrained Bed
Oxygen-Blown

Entrained Bed
Oxygen-Blown

Fuel Processing

Electricity
Use (kWh/gal) 2.20 0.02
Production (kWh/gal) 0.29 —
Energy ratio (%) 75.6 56.2
Coal feed (Btu/gal) 80,820 114,700
Sludge feed (Btu/gal) 0 0
Net combustion (Btu/gal) 3,003 23,694
Purge Gas Purge Gas
Emission Source Vent Combustion Vent Combustion
Emissions (g/gal)
NO, 0 0.14 0 1.1
Cco 0 0.05 12.2 0.36
Co, 722 104 16,580 5,740
CH, 0 0.01 4.1 0.03
NMOG 0 0.01 0 0.03
Profile - 1070 1071 1070 1071
Reference Larson DOE
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Table 5-30. ‘Methanol processing from biomass

Process IGT Fluidized Bed Shell Entrained Bed
Fertilizer NG? (Btu/gal) 1,350 1,090
Feedstock harvesting and transport 5,930 4,800
Diesel (Btu/gal) 0.05 0.04
Electricity (kWh/gal)
Fuel Processing
Electricity
Use (kWh/gal) 1.56 1.74
Production (kWh/gal) 0.79 0.67
Energy ratio (%) 524 64.7
Feedstock (Btu/gal) 123,057 99,663
Feedstock (Ib/gal) 150 12.2
Net combustion (Btu/gal) 16,690 2,667
Process Gas Process Gas
Emission Source Vent Combustion Vent Combustion
Emissions (g/gal)
NO, 0 0.76 0 0.12
N,O 0 0 0 0
CO 0 0.26 0 0.04
Co,® [5.451] [817] [5.613] [77]
CH, 0 0.02 0 0.003
NMOG 0 0.02 0 0.003
Profile 1070 1071 1070 1071
Reference Larson Larson

NG = Natural gas.

bValues in brackets [ ] are actual emissions. However, fuel-cycle emissions are set to zero
since this CO, represents carbon that was recently removed from the atmosphere.
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Figure 5-4. Methanol production from steam reforming of natural gas

emissions per day was estimated for a 10,000-tons/day plant. Specific reactivity values were
calculated for the NMOG compositions in the SPECIATE data base.

Energy consumption data for steam reforming and POX were obtained from several studies.
Natural gas reformers are fueled with process gas left over from the methanol synthesis. This gas
is primarily composed of hydrogen with CO, methane, CO,, and methanol. Emission factors for
natural gas were used to estimate NO,, CO, methane, and NMOG emissions. CO, emissions are
determined from a carbon balance. The difference between carbon in the natural gas feed and carbon
in the natural gas product is carbon in the form of CO, hydrocarbon, or CO, emissions. Over 99
percent of this carbon is emitted as CO,. POX process produces NO, emissions since combustion
with air does not occur. A small amount of pollutants are emitted from flaring purge gas. Several
studies included energy consumption estimates for methanol production from natural gas, biomass,
and coal (DeLuchi, 1991; Unnasch, 1990; Dong, 1992; Katofsky, 1993; Larson, 1992; Sherwin, 1979;
Supp, 1990).
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Methanol plants can be either importers or exporters of electricity. Power generation
emissions associated with net electric power were included with the fuel production emissions.
Electricity demand for the POX process includes required energy for an oxygen plant.

Synthesis gas from coal gasification can also provide a feedstock for methanol production.
Numerous coal gasification systems have been studied and many of these considered for methanol
production plants. Table 5-29 shows energy inputs and emissions based on several methanol
production studies. Distillation vent emissions are taken to be the same as those from natural gas to
methanol facilities. Similar to the POX process, no air combustion occurs and exhaust emissions are
minimal. CO, is produced in a shift reactor or left over from methanol synthesis and emitted from
a purge vent.

Coproducing methanol and electricity provides an opportunity to balance the load from coal
gasification systems. With this process, synthesis gas from the gasifier passes over a methanol
catalyst and the unreacted gas burned in a power plant. The Air Products LPMEOH process is
particularly suited for once through type operations since a high methanol conversion can be achieved
in a single pass through the catalyst. Biomass co-feedstocks such as sewage sludge have been
considered as feeds for coal gasifiers but were not evaluated in this study.

5.2.3 Ethanol

A number of ethanol production feedstocks were considered. Ethanol from corn is the current
fuel production technology. Experts in the ethanol production field indicate that the efficiency of
ethanol plants has improved over the past decades. Newer plants consume about 14,000 Btu per

gallon less energy than older plants. Process energy requirements for ethanol production are shown
in Table 5-31.

Commercial ethanol is produced from the fermentation of sugars and starches with yeasts.
Fermentation involves the biological decomposition of complex sugars into sucrose and their
conversion to ethanol. Sucrose is converted into glucose through the following mechanism:

C4H120¢ — 2C,HsOH + 2C0, (5-3)

Currently annual production of ethanol in the U.S. is 1.4 billion gallons. "Most of this ethanol is
produced in the Midwest from corn feedstocks through the wet milling process. The steps for
converting corn to ethanol are illustrated in Figure 5-5. Ethanol plants typically use a coal powered
cogeneration system to produce electric power and steam for ethanol production. The wet milling
plant produces 2.5 gallons of ethanol per bushel of corn in addition to 14.4 1b of gluten feed and meal
and 1.6 1b of corn oil. The net energy requirements for ethanol plants have been increasing over the
years. Modern efficient plants require about 34,000 Btu of steam energy per gallon of ethanol. 39
percent of the emissions from the ethanol plant were allocated to by-products (Unnasch, 1990). A
similar allocation was assumed in two other ethanol processing studies (Ho, 1990). If corn processing
plants operate continuously producing protein products and processing starch into either ethanol or
com sweetener.
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Table 5-31. Ethanol processing from corn, sugar cane, and biomass

Cellulosic Biomass

Corn Fermentation Fermentation
High Low Sugar Cane Low High
Process Efficiency | Efficiency | Fermentation | Efficiency | Efficiency
Feedstock Gathering
Fertilizer NG? (Btu/gal) 15,650 18,650 7,160 2,310 970
Growing, harvesting LPG (Btu/gal) 1,400 1,400 — — —
Diesel (Btu/gal) 10,080 10,080 21,180 10,150 6,240
Gasoline (Btu/gal) 2,840 2,840 — — —
Electricity (kWh/gal) — 0.086 0.059
Feedstock transport Diesel (Btu/gal) 1,600 1,600 1,600
Fuel Processing
Electricity export use (kWh/gal) 1.5 1.5 0 1.85 1.7
Production (kWh/gal) — — 0 3.14 3.14
Energy ratio® (%) 43.7 40.8 15.0 39.9 58.7
Feedstock (Btu/gal) 159,000 | 159,000 386,000 211,400 143,700
Feedstock (dry 1b/gal) 19.4 194 48 257 17.5
Net combustion (Btu/gal) 34,000 48,000 175,000 38,700 34,000
Fuel (Ib/gal) 2.8 4.0 22 — —
Byproduct credit (%) 39 39 4.5 0 0
Bagasse
Emission Source Coal Boiler Boiler Biomass Boiler
Reference Unnasch Jenkins Wyman

- 2NG = Natural gas.

bEnergy ratio represents energy of fuel product/total energy inputs = ethanol HHV (84,400

Btu)/(feedstock + fuel)Btu. The energy ratio does not take into account exported electricity. The
energy ratio is often used to characterize fuel production processes.
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Figure 5-5. Ethanol production from corn
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About 7 million gallons of ethanol are currently produced in California from materials
including cheese whey, waste fruit, and waste candy. One facility is located in Riverside, California,
and is the basis for Scenario 1. Processing waste material requires less energy than corn processing
and no energy is associated with gathering or transporting the feedstock for the specific case where
the waste material would need to be hauled away for disposal. The facility in Riverside uses a boiler
to generate steam for distillation and processing. Scenario 2 is based on ethanol production from corn
in the Midwest. Table 5-31 shows the energy inputs for ethanol production. Emissions include
combustion emissions for steam generation, distillation vents, and fugitive emissions. Combustion
emissions are accounted for in Btu/gal. Feedstock transportation requirements are based on the
amount of feedstock required per gallon of ethanol.

Most of the corn kernel is starch, which can be readily fermented into ethanol. However,
other biomass materials, such as energy crops, wood waste, and agricultural waste, contain a cellulose
and hemicellulose which can be converted to sugars for fermentation into ethanol. Cellulose must
be reacted with water (hydrolysis) before it can be converted to ethanol through the following
mechanism:

A substantial research effort is underway to commercialize processes for the conversion of cellulose
products to ethanol. The steps for converting hemicellulose and cellulose into sugars and
fermentation are shown in Figures 5-6 and 5-7. The lignin fraction of biomass cannot be converted
to ethanol but can be used to generate steam. Cellulose conversion or hydrolysis can be performed
in separate steps or in a combined reaction (Simultaneous Saccharification and Fermentation [SSF]).
Scenarios 3 and 4 are based on the conversion of biomass to ethanol. Energy crops are assumed for
Scenario 3 and waste biomass for Scenario 4. Combustion emissions are based on the Btu per gallon
of ethanol.

5.2.4 Natural Gas

The production and distribution of natural gas consists of transporting the fuel in high pressure
pipelines to gas clean up facilities. Emissions are broken up into compression energy for pipeline
transport and fugitive emissions. Emissions from CNG compression and fueling facilities are covered
in Section 5.3. Transportation distances in Section 5.1 correspond to the compression energy for
transporting natural gas and providing sufficient pressure drop for processing facilities.

Fugitive emissions from gas production were estimated by GRI. Emissions from gas
compressors are discussed in Section 5.1. The gas clean up and extraction process for CNG and LNG
are the same. Some LNG may be imported.

Table 5-32 shows an accounting of natural gas fugitive losses based on a study by the Gas
Research Institute. The grouping of emission sources in the table was used to determine the split
among fuel-cycle phases. The emissions rate for fugitive losses was determined from the -annual
emissions divided by annual production. Based on this data, fugitive losses in the U.S. represent 0.8
percent of total throughput.
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Table 5-32. Fugitive emissions from natural gas operations

vocP
Emissions? | Emissions | Source
Category (U.S. Befly) | (g/100 scf) Code
Wells 1.0
Gathering lines 1.8
Production 2.8 0.29 nll.2
Separators 14
Heaters 0.5
Dehydrators 0.2
Meters 04
Gas plants 0.7
Maintenance 23
Mishaps 3
Processing 29.2 3.05 n31.1
Compressor stations 13.0
M&R stations 16.0
Pneumatics, starts/stops, vents 54
Transmission 83.0 8.67 n53.1
Storage — 0.4° n61.1
Mains 16.5
Services 3.0
Regulators 16.8
M&R 5.0
Customer meters 7.0
Distribution 48.3 5.04 n73.1
Total 163.3 17.45 —_

3GRI estimates (Lott, 1992).

bBased on U.S. production of 20,000 Bcfly (A.G.A., 1992).
91% of VOC is CH,, balance is NMOG (Table 2-8).

®Leaks based on Thomason, 1993.
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Gas sweetening plants produce fugitive losses of heavy glycols. These emissions translate
to less than 0.2 g/100 scf. Methanol is used in drying systems for local compressors. The volume
of methanol is negligible.

Emissions from natural gas distribution include local distribution/compression and storage
emissions in the South Coast Air Basin as well as emission associated with final compression to
produce CNG. Local distribution requires relatively little compression energy since the gas is already
transmitted to California at 800 psi. Some gas is stored underground in Southern California. These
emissions were not included in the GRI study and were estimated from comments received on this
study (Thomason, 1993). Table 5-33 shows the natural-gas-to-CNG and natural-gas-to-LNG
processing energy values for Scenarios 1 through 4.

The same natural gas production emissions were assumed for LNG production. Transportation
distances are outlined in Section 5.1. Fugitive emissions associated with LNG production include
those for production, processing, pipeline transmission, and transport. These include fugitive losses
from natural gas production as well as evaporative losses from LNG bulk storage. Storage losses
from bulk storage and tanker ships are 0.1 percent per day (Timmerhaus). Storage losses are assumed
to be recovered and recompressed at the liquefaction facility. The lost product is considered in the
total natural gas required per gallon of LNG. LNG liquefaction requires from 15 to 20 percent of the
energy input to power compressors. This energy can be provided with natural gas powered
reciprocating engines or gas turbines as well as electric motors. Liquefaction energy is counted under
production Phase 3. Scenario 1 is based on a pressure let down facility in Wyoming. A modest
energy Input is assumed from natural gas powered reciprocating engines. Scenarios 2, 3 and 4
assume liquefiers in the California, outside the South Coast Air Basin. The energy input decreases
throughout these scenarios as with varying degrees of integration with pressure let down requirements
of the pipeline gas. Fuel-cycle emissions for natural gas production were included as part of the fuel-
cycle emissions for all other fuels in proportion to natural gas consumption.

5.2.5 Hydrogen

Many different methods of hydrogen production are possible. The primary methods in use
today derive hydrogen from fossil fuels; these methods are methane reforming, oxidation of oils, and
coal gasification. 100 to 200 plants currently produce hydrogen in the United States (CEC ). In the
late 1970s, over 2 trillion f© of hydrogen were produced per year (Shreve).

Table 5-33. Natural gas processing energy

Natural Gas to
Process Natural Gas to CNG LNG?
Gas processing energy 300 Btu/100 scf 250 Btu/gal
Compression/liquefaction power/energy Scenarios 1, 2 0.4 kWh/gal and
1.2 kWh/100 scf 0 Btu/gal (1)
Scenarios 3, 4 20,600 Btu/gal (2)
1.0 kWh/100 scf 18,300 Btu/gal (3)
18,300 Btu/gal (4)

Natural gas energy inputs (assumed for reciprocating engine) for Scenarios shown in ( ).
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- Non-fossil-fuel methods of hydrogen production include electrolysis of water, thermochemical
splitting of water, and photolysis. The following sections describe these methods.

Electrolysis separates fresh or desalinated water into hydrogen and oxygen by passing current
through an electrochemical cell suspended in a water-based electrolyte. Conventional electrolysis
technology, using an electrolyte in a liquid solution, is well developed. Electrical to hydrogen energy
conversion efficiencies as high as 82 percent are being achieved, and current research aims to increase
this further. The gaseous hydrogen obtained from electrolysis is over 99.9 percent pure, compared
to 98 percent purity for fossil-fuel hydrogen (Bockris). In current practice, byproduct oxygen is often
discarded unless useable onsite (Shreve).

Electricity is the primary energy input to the electrolysis process. (In fact, it is the only
energy input for all methods of hydrogen production except high temperature steam electrolysis and
photoelectrolysis.) This electricity can be acquired from a variety of sources. These sources include
photovoltaic, solar thermal, nuclear (fusion or fission), hydro, geothermal, wind, ocean swell and
wave energy conversion (OSWEC), ocean thermal energy conversion (OTEC), and others. Nuclear,
geothermal, and solar thermal energy sources produce heat in addition to producing electricity and
can therefore provide energy input.

Process energy requirements for hydrogen production are shown in Table 5-34. Several
feedstocks can be used to make process gas for hydrogen production. Natural gas is the most
predominant near-term feedstock. Emissions from producing hydrogen from electrolysis were
considered to be zero.

A formidable amount of power is required to liquefy hydrogen. Hydrogen is compressed,
cooled with refrigeration, expanded, and cooled again. The power required for liquefaction ranges
from 25 to 39 percent of the hydrogen fuel energy (DeLuchi, 1989). Magnetic liquefaction systems
can liquefy hydrogen with 25 percent power input while conventional compressions systems require
more energy. For example, 100,000 Btu of hydrogen (29.3 kWh of thermal energy) would require
at least 7.3 kWh of mechanical power for liquefaction. This power requirement is notable when
expressed in terms of thermal energy input. Approximately 70,000 Btu of natural gas would be
required to produce 7.3 kWh of mechanical power to liquefy 100,000 Btu of hydrogen (assuming a
25-percent power input).

Combining a liquefaction system with a biomass gasification system would allow for some
advantages in heat recovery and cooling that may reduce the overall energy input for liquefaction.
Liquefaction is complicated by the fact that liquid hydrogen vaporizes in a perfectly insulated
container because of its molecular properties. At ambient temperature, 75 percent of the atoms are
in the ortho quantum state, but at liquid conditions 99 percent of the atoms must be in the para
quantum state. As the ortho atoms convert, they generate heat and vaporize liquid. In order to
prevent the loss of liquid, hydrogen is passed over a catalyst prior to liquefaction. Table 5-35 shows
the processing energy and liquefaction power assumptions for solar, natural gas, and biomass derived
hydrogen. Electric liquefaction is assumed for solar derived compressed hydrogen while a
reciprocating natural gas engine provides power for the natural gas and biomass cases (Scenarios 2,
3, and 4).
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Table 5-34. Hydrogen ‘processing' from biomass, coal, and natural gas

IGT Biomass | Shell Coal Natural Gas
Process Gasification | Gasification Reforming

Fertilizer NG? (Btu/lb H,) 1,080 0 0
Feedstock extraction

Diesel (Btu/lb H,) 4,740 1,160 7,040 Btu NG

Electricity (kWh/Ib H,) 0.04 —_ —
Feedstock transport — 3,930 5,000 Btu NG

diesel (Btw/lb H,)
Fuel Processing
Electricity

Use (kWh/lb H,) 2.08 2.16 0

Production (kWh/lb H,) 0.0 0.25 0
Energy ratio (%) 62.0 77.7 61.1
Feedstock

(Btu/lb H,) 98,550 78,636 100,000

(feedstock/lb H,) 1201b 9.6 1b 9700 scf
Net combustion (Btu/lb H,) 13,500 2,536 52,830
Reference Larson Larson Shreve

NG = Natural gas required for ammonia production. Fuel-cycle emissions are

associated with an ammonia plant.

Table 5-35. Energy inputs for hydrogen production, liquefaction,
and compression (energy/lb hydrogen)

Solar ‘
Process Hydrogen | Natural Gas Reforming | Biomass Gasification
Feedstock input Solar 100,000 Btu NG? Btu biomass®
0.97 100 scf 9.6 1b biomass
52,830 Btu combustion 2540 Btu combustion
Compression/liquefaction
energy
% of hydrogen 7.2%" 35%° 30%"
per Ib hydrogen 1.3 kWh/lb 50,100 Btu NG 42,900 Btu NG
electricity 0.48 100 scf NG 0.42 100 scf NG

Feedstock input is adjusted upward by 1 percent to account for liquid hydrogen losses in the

VIEW data base.

bpower expressed as a percentage of hydrogen’s HHV: 61,100 Btw/lb hydrogen.
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5.2.6 Electricity

Emissions associated with electricity production depend upon the feedstock and type of power
generation, and the mix of resources used to supply the electricity. The following electric generation
mixes were considered:

* Incremental generation for EV charging with several possible scenarios
* Average South Coast Air Basin mix generation

»  Average California, non-South Coast Air Basin generation

» U.S. average generation

The above power generation mixes reflect those resources that are used to supply the South Coast Air
Basin with electricity, i.e., the amount of power that comes from sources within the South Coast Air
Basin, from California, non-South Coast Air Basin sources, and from out-of-state sources.

Power plant emissions depend upon the mix of power generation equipment, feedstocks, and
the type of emission control systems used to generate electricity. Depending on the equipment (i.e.,
turbine, boiler, internal combustion engine), the fuel (i.e., natural gas, landfill gas, municipal refuse),
and whether or not the facility is utility owned or private, different emission regulations apply. A
computer model called ELFIN (ELectricity FINance) was developed by the Environmental Defense
Fund (EDF) to evaluate utility operations. The model considers electrical load and the dispatching
of power plants. This model has been used by the CEC and others to determine the incremental
power generation emissions for electric vehicles. The CEC performed a series of ELFIN runs
(Tanghetti, 1995) for the two major utilities in the South Coast Air Basin — Southern California
Edison (SCE) and the Los Angeles Department of Water and Power (LADWP) — to evaluate
incremental power generation emissions for the following EV implementation scenarios:

* Various levels of EV penetration for different utilities with the following off-peak/on-
peak charging profiles and EV energy consumption (efficiency):

* 80% off-peak/20% on-peak charging, 0.24 kWh/mile EV efficiency

* 80% off-peak/20% on-peak, 0.35 kWh/mile

*  95% off-peak/5% on-peak, 0.24 kWh/mile

*  95% off-peak/5% on-peak, 0.35 kWh/mile

These modeling studies usually consider assumptions on the number of EVs, their annual mileage,
and average energy consumption. These parameters are used to determine the amount of power
generated. Generation emissions are then estimated for different years and implementation scenarios.
Generation emissions change with different years due to variations in total power demand, the EV
population and miles traveled, and emission control systems that are in place on power plants. The
incremental emissions associated with EV charging depends on the total power demand for EVs, as
a function of day/night charging profile and energy consumption. The ELFIN model assumes the
South Coast Air Basin charging profiles to have the shape shown in Figure 5-8, whereas SCE predicts
that EV charging will effect their overall demand profile as shown in Figure 5-9. Based on the time
of day for charging, this profile appears to be about 95 percent off-peak. The effect of more off-peak
charging is that more power can be produced in the South Coast Air Basin, when the system is
operating far below capacity. With heavier on-peak charging, the extra load on the system requires
that more power be imported from sources outside the South Coast Air Basin, primarily from the
Pacific Northwest. The power plant mix does not react to the number of EVs or their individual
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energy consumption, but, rather, to their total energy consumption. Therefore, evaluating the effect
of total power demand on the power generation emission rate is very illustrative. The emission rates
from different charging scenarios will be applied to the scenarios in this study. The following pages

first present impact of the confusing array of charging options on power generation emissions on a
g/kWh basis.

Figures 5-10, 5-11 and 5-12 show the average and EV-related NO, emissions from power
generation, on a grams per kilowatt-hour basis, based on the ELFIN runs for SCE and the LADWP.
These ELFIN runs were based on the EV power demand assumptions for the years 2000, 2005, and
2010, 40% EYV distribution. According to the model, NO, emissions for the Basin do tend to drop
in the future, but vary only slightly within the range of energy demand (i.e., 0.24 kWh/mile vs. 0.35
kWh/mile). Therefore, it is quite accurate within the context of daytime/nighttime charging
assumptions to use the emissions rate for any set of EV energy demand that lies within the line
segments in these charts. While only the 40% distribution scenario is presented here on a gram per
kilowatt-hour basis, the same trend is true for the 55% and 80% distribution scenarios as well.

The ELFIN model predicts that there will be incremental emissions in the South Coast Air
Basin from electric power generation for EVs. While there will be incremental power generation,
there cannot be incremental emissions under the strict emission rules of the South Coast Air Quality
Management District (SCAQMD). Currently, all utility-owned power generation facilities are subject
to SCAQMD Rule 1135, and qualifying facilities (QFs), which are not utility owned, but utilities are
required to purchase power from them, are subject to other SCAQMD Regulation 11 rules (1109,
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Figure 5-10. Average NO, emissions in the South Coast Air Basin, no EVs
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Figure 5-11. NO, emissions from EV use in the South Coast Air Basin, 80/20 charging
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Figure 5-12. NO, emissions from EV use in the South Coast Air Basin, 95/5 charging
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1110.2, 1134, and 1146) or BACT rules to reduce emissions. Regulation 11 limits were summarized
in Table 5-1. The Regulation 11 rules limit the facilities to very low emission levels, while the
BACT rules either place an emissions cap on the facility or prescribe a specific control technology.
At the beginning of 1994, SCAQMD began a new program called RECLAIM (Regional Clean Air
Incentives Market), which places even stricter emission caps on facilities, but allows them to buy and
sell emission credits, if they are under or over their limit, instituting a bubble policy over the South
Coast region.

Most facilities are currently being phased into RECLAIM, but are still subject to Regulation
11 or BACT, until they come into compliance with RECLAIM. Under RECLAIM, there are
exemptions for municipal refuse fired facilities that are publicly-owned, landfill gas-fired and energy
recovery facilities, and the cities of Burbank, Glendale, and Pasadena. The rest of the South Coast
region will be subject to RECLAIM. Those facilities that are exempt from RECLAIM will still be
subject to Regulation 11 rules or BACT.

ELFIN projects emission rate for qualifying facilities (QFs) that are an order of magnitude
higher than for utility-owned facilities in the South Coast Air Basin in all scenarios. For example,
for the SCE region, the average emission factor for NO, is 0.13 g/kWh (0.28 1b/MWh) for utility
owned facilities, but the factor for QFs is 1.97 g/lkWh (4.35 1b/MWh). The QF mix in the South
Coast Air Basin emit at higher rates than utility power plants. Such high emission rates might be
expected from facilities that are only subject to Rule 474 (See Table 5-1), however such facilities are
old, given that this is a relatively old rule compared to the Regulation 11 rules and the BACT rules.
Thus, the percentage of these older facilities in the Basin is probably less than that predicted by
ELFIN. The ELFIN input data indicate a small percentage of high-emitting QFs; however, they
would not be allowed to operate at the high emission rates predicted for some of these facilities in
ELFIN, such as 8.13 g/kWh (17.9 1b/MWh). Given the mix of QFs in ELFIN, and the SCAQMD
rules that apply to them, a more reasonable estimate of the average NO, emission factor for QFs in
the South Coast Air Basin is approximately 1 g/kWh (2 1b/MWh).

The RECLAIM NO, limits for SCE and LADWP for the years 2000 and 2010 are:

2000 201
Edison 1631 tons/yr 1219 tons/yr
‘LADWP 578 tons/yr 418 tons/yr

ELFIN predicts that Edison will exceed their RECLAIM NO, limit for a few of the scenarios in the
year 2010, and that LADWP will exceed RECLAIM for every scenario. The ELFIN projections can
be seen in Figures 5-13 and 5-14. Since the utilities and QFs will be required to meet RECLAIM,
either by reducing the actual emissions to the specified level, or by purchasing credits from facilities
that are below the limit, there can be no incremental emissions in the South Coast Air Basin from EV
charging. In fact, RECLAIM limits will be lower than current Regulation 11 limits, resulting in a
reduction of total emissions in the South Coast Air Basin. EVs could only create incremental
emissions in the South Coast Air Basin if the utilities were below their permitted levels before the
introduction of EVs, and, rather than sell their RECLAIM credits, they retired them. Thus the
introduction of EVs would then cause their emission levels to increase, but must still be kept at or
below the RECLAIM level. An example of this scenario is shown in Figure 5-15.
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Figure 5-15. Possible scenario for incremental EV emissions

Tables 5-36, 5-37, and 5-38 summarize the emissions from CEC’s ELFIN analysis.
Table 5-36 shows the emissions without EVs which represents the total emissions in the South Coast
Air Basin and the total electric power consumption. Tables 5-37 and 5-38 show the emissions and
power generation associated with EV use. The CEC analysis considers a wide range of EV usages
and EV energy consumption rates; however, these assumptions have little effect on the g/kWh
emission rate. The mix of charging profiles has a more substantial effect on emissions in the South
Coast Air Basin and is shown in Tables 5-37 and 5-38. These tables show the incremental emissions
and power generation associated with EV charging. For Scenarios 2, 3, and 4, this study uses the
values in Tables 5-37 and 5-38 as a basis for the average emissions associated with EV usage which
treats EVs as a new alternative fuel with additional production capacity existing power generation.
Marginal emissions associated with EV operation reflect RECLAIM considerations for NO, and do
not include pipeline fugitive emissions for natural gas distribution.

This study uses the results of the ELFIN emission projections as the basis for determining
average EV charging emissions according to the following scenarios:

*  Scenario 1: Year 2000 emissions (Table 5-36)

* Scenarios 2, 3: Year 2010 emissions, charging 80/20 profile (Table 5-37)
*  Scenario 4: Year 2010 emissions, charging 95/5 profile (Table 5-38)
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The ELFIN runs represent the average emissions from power plants associated with new power
generation for EVs. However, the model does not take into account RECLAIM which would actually
cap NO, emissions beyond the year 2010 as discussed previously.

Figure 5-16 shows a projection of energy demand in California for light-, medium-, and
heavy-duty EVs (total assumed vehicle populations of 2,100,000, 73,000, and 450 respectively).
These power demand assumptions are based on the EV population growth shown in Figure 5-17
(based on 2 percent EV sales in 1998 ramping up to 10 percent sales by 2003) (the heavy-duty
vehicles are a small fraction that does not show up in Figure 5-17). The energy consumption is based
in 0.2 KkWh/mi, 0.4 kWh/mi, and 2 kWh/mi for light-, medium-, and heavy-duty vehicles. The
particular assumptions on EV implementation and energy consumption result in a state-wide power
demand of 10 GWh/day (3500 GWh/yr) beyond the year 2009. If 60 percent of the state’s electric
vehicles are placed in the South Coast Air Basin, the power demand (2100 GWh/yr) is consistent with
the power demand in the ELFIN runs in Tables 5-37 and 5-38. The ELFIN model results depend
entirely on the power demand. The power demand for Tables 5-37 and 5-38 was based on 3,138
million vehicle miles in 2010. (The model input assumed 0.35 kWh/mi or 0.38 kWh/mi with
transmission losses.)

" Power plant emissions were also considered for electricity used in fuel processing. Fuel
processing plants such as oil refineries and ethanol plants operate around the clock, so the night time
weighted power generation mix would not be applicable. Natural gas vehicles might be fueled with
slow fill home compressors at night; however, it is not clear that home compression systems will be
a large part of the market. ELFIN model results could be used to evaluate incremental power
generation for fuel production facilities. However, determining whether the electricity demand for
a fuel production facility is incremental or represents the average mix appears more subjective than
the incremental assumption for EVs. Oil refineries and an ethanol plant are already operating in the
South Coast Air Basin. If new fuel production facilities were built in the South Coast Air Basin, they
might displace other industries; therefore, this study uses an average power generation mix for electric
power consumption by fuel production facilities. Oil refineries rely on some degree of cogeneration
for electric power; therefore, power generation emissions from refineries might be lower than those
from out-of-state generation. Electricity consumption represents a small fraction of the energy used
for oil refining, so the same average power generation mix was used for refineries.

5.3 FUEL STORAGE AND DISTRIBUTION

Marketing and distribution of fuels involve their storage, transport, and transfer to the vehicle.
These steps are described as Phases 4 through 8 in Section 4. The storage and distribution of liquid
fuels is similar and considered in Section 5.3.1. Section 5.3.2 considers emissions from gaseous fuels
and distribution losses for electricity.

5.3.1 Liquid Fuel Storage and Distribution

Gasoline, reformulated gasoline, diesel, LPG, methanol from natural gas, and ethanol will be
stored in bulk storage tanks, both at production facilities and at product distribution terminals.
Emissions from marketing and distribution of fuels primarily consist of fugitive emissions, such as
breathing losses, vapor transfer losses, and spills during fuel transfers. California emission inventories
exist for gasoline storage and distribution. Bulk storage emissions are determined by local AQMDs
based on permit reporting for individual emission sources and formulas for specific tank
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Figure 5-16. Projected energy consumption for EVs in California
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configurations, throughput, and weather conditions (AP-42; and SCAQMD, 1994). ARB determines
emissions from local fuel distribution which are the basis for the State’s inventories (Asregadoo,
1992). This study examines the inventory values and also calculates emissions based on a specific
set of assumptions.

5.3.1.1 Local Fuel Storage and Delivery — Liquid Fuels

This section describes the bulk storage and delivery of liquid fuels. Table 5-39 compares the
emissions from bulk storage tanks based on the calculation technique in AP-42. The throughput is
varied for current and future M100 and E100 tanks. The calculated value for a single gasoline tank
on a per volume basis is about 0.15 times that of the 1990 SCAQMD gasoline inventory.
Temperature and vapor pressure assumptions can cause some of this discrepancy. Also, the tank
count and throughput in the inventory may effectively include several product storage tanks per gallon
of finished gasoline. For example, refineries may have a tank for alykylate, one for FCC gasoline,
another for MTBE, and so on. The per volume calculations in Table 5-39 are about two times as
high as those calculated for a refinery permit applications (Chevron, 1994) which indicates that the
throughput assumptions in Table 5-39 need to be reexamined.

Calculated gasoline vapor emissions were used as the estimate for fuel product storage
(production Phase 6). The balance of the product storage tank emissions in the SCAQMD inventory
were assigned to refinery storage. Refinery storage tanks contain numerous products and do not
necessarily have the same level of throughput as those shown in Table 5-39. Production plant and
terminal emissions for this study are shown in Table 5-40. Since these tanks represent a sizeable
amount of emissions on an annual basis, vapor controls may be required. For Scenarios 3 and 4, a
90 percent reduction in emissions (reduction factor of 0.1) is assumed for liquid fuels except for
diesel where its low vapor pressure would preclude vapor control requirements.

Emissions from the SCAQMD inventory were lower that those in other assessments which
is not surprising given that the SCAQMD sources would have more extensive emission controls than
those from other parts of the country. Calculated values for refinery tank storage, pipeline transfer,
and bulk storage breathing were on balance lower than those in the inventory which probably reflects
the more accurate and complete accounting of sources in the inventory. It should be noted that the
most recent SCAQMD inventory includes methanol fugitive emissions with those of gasoline.
However, the number of methanol vehicles in the 1990 inventory is minimal, and the inventory
calculation is not affected by the small methanol vehicle population.

Current M100 emissions are based on calculations for an 8000-bbl floating roof tank. The
throughput includes both chemical and vehicle methanol demand. Future methanol and ethanol
emissions assume the same tank size and throughput as that of gasoline. Gasoline marketing may
require more product tanks and transfer operations in order to produce different product blends.
However, throughput per tank volume might be higher for gasoline than for methanol or ethanol.
5.3.1.2 Local Fuel Distribution — Liquid Fuels

This section describes the storage and distribution of liquid fuels at local service stations.
These emissions consist of the following categories:

* Tank truck unloading spills
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Table 5-40. .NMOG emissions from bulk fuel terminals

NMOG emissions
(g/gal) Scenario/Reduction Factor

Fuel Plant/Refinery | Bulk Terminal 2 3 4
Gasoline 0.19 0.0383 0.53 0.53 0.1
RFG 0.17 0.0301 0.53 0.53 0.1
Diesel 0.04 0.0036 1 1 1
M100, 1990 —_ 0.0172 — —_ —
M100, 2010 0.0063 0.0063 1 0.53 0.1
M85 — 0.0213 1 0.53 0.1
E100, 1990 0.0251 — — —_ —
E100, 2010 0.0041 —_ 1 0.53 0.1

*  Under ground tank filling — working losses
»  Under ground tank breathing
*  Vehicle fuel tank filling — working losses

Fuel is unloaded from a tank truck with vapor recover (referred to as Stage I). Most liquid
fuel in California is stored in underground tanks. During the course of fuel storage, the vapor or
ullage space in the tank expands and contracts as atmospheric pressure changes and fuel temperature
changes. The fuel temperature remains almost constant in underground tanks. Fuel is dispensed to
vehicles with a vapor recover hose system (Stage II vapor recovery).

The different stages of fuel distribution were observed to provide insight for this project.
There are no significant differences in the unloading of gasoline or alcohol fuels. Fuel unloading at
service stations is performed by the tank truck operator who may be an oil company employee or
work for an independent company. Unloading is accomplished with appropriate precautions for safety
and minimizing emissions. Fuel and vapor transfer hoses are connected from the storage tank to the
truck. The truck carries its own fuel transfer hoses and an assortment of fittings for connection to
the underground tank. After verifying the remaining tank volume with a dipstick measurement, the
truck operator initiates the gravity fed unloading operation. When the fuel transfer is completed, the
hoses are returned back to the tank truck. There is still a considerable volume of fuel in the fuel
transfer hose (about a 4-inch inner diameter). The truck operator disconnects the hose from the truck
tank and drains the remaining fuel in the bottom of the hose into the underground storage tank by
lifting the hose into the air and moving the elevated section towards the connection at the
underground tank. The hose is then disconnected and stored on the truck. During several such
fueling operations, about 250 mL of fuel was observed spilling out of the hose as it was placed back
into its holding tube on the truck. It was estimated that the volume from gasoline spills is about
180 g for an 8000-gallon fuel load, or 0.023 g/gal (0.05 1b/1000 gal). While this quantity is based
on a casual observations, it provides some quantification of a small source that is not explicitly
counted in the inventory. It is difficult to spill no fuel during hose transfers since the inner wall of
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the transfer hose is covered with fuel as indicated by hooks on some tanker trucks for drying clean
up rags.

An even smaller amount of fuel may remain on the hose surface and evaporate later. Transfer
spills were estimated by Lyons to be 0.07 1b/1000 gal. The emission estimate was revised downward
to reflect the times when no fuel is spilled. Even if truck transfers result in fewer spills, this rough
estimate indicates that truck transfer spills are not a major category.

WSPA indicates that truck transfer is intended to be a no spill operation. Drivers are
instructed to drain the hose into the tank before placing it back on the truck. These observations were
atypical. Catch drains at the top of underground tanks would also capture some spilled fuel if it
dripped from the tank connection. However, some wet hose losses are inevitable. The thin layer of
fuel in the hose will results in some drips and evaporation. It should be pointed out that the volumes
used in this study are based on rough estimates and do not reflect a large sample. Furthermore, liquid
spill volumes are difficult to measure.

Service station fueling practices were also observed to evaluate vehicle fueling. The
dispensers at eight fuel stations were polled to determine the amount of fuel dispensed per fueling
event. Most fuel dispensers indicate the amount of fuel last dispensed until the dispenser is reset at
the start of the next fueling operation. One dispenser type cleared all of its fuel readings immediately
after the fueling event and therefore did not provide data. The amount of fuel dispensed ranged from
one half to 18 gallons with an average of 8 gallons. The volume of fuel dispensed is important in
determining emissions that depend on the number of fueling events rather than fuel volume. Various
vapor recover nozzle types are used at service stations in California. At self service stations, the
vehicle driver dispenses the fuel. Most customers select the self service option which results in a
lower fuel price. While most vehicle operations are successful with little fuel spilled from the nozzle,
occasionally a significant quantity of fuel is spilled. Fuel spills from vehicle refueling were evaluated
by ARB (Morgester, 1992). This paper estimated spills from small drips as well as large refueler
error type accidents. The average fuel spill size was estimated to be 0.7 1b/1000 gal. Another ARB
study estimates this value at 0.42 1b/1000 gal. An API study estimated spill volumes at 0.31 1b/1000
gal.

Spill factors of 0.7, 0.7, 0.42. and 0.31 1b/1000 gal were used for Scenarios 1, 2, 3, and 4
respectively. From the ARB study, it appears that the role of large accidental spills is quite variable.
Also, as vehicle fuel economy improves, fuel tank size will decrease. Thus, the average volume of
fuel dispensed will decrease and the average volume of fuel spilled will increase. This suggests that
the 0.31 Ib/1000 gal value might be adjusted upward by about 20 percent. Other factors such as
vacuum assist vapor recovery and on-board vapor controls could reduce spill volume.

Inventory Emission Factors

ARB determines emission factors from gasoline dispensing facilities (Asregadoo, 1992). The
emission sources are broken into the categories shown in Table 5-41. Each category has a Category
Emission Source (CES) code and emission factor for uncontrolled and controlled fueling operations.
Spills from tank truck unloading are not explicitly accounted for; however, they may be implicitly
included in an adjustment factor. Emissions from working losses and tank breathing are based on
a combination of ideal gas law calculations in AP-42 and ARB’s certification testing results. The
current document shows 0.7 1b/1000 gal for fuel spillage. All of the spilled liquid will evaporate from
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Table 5-41. ARB emission factors for gasoline dispensing facilities

Emission Factor Emission Factor
/1000 gal 1
(Ib. gal) (g/gal) Control
Without With Without | With Factor
CES Description Control | Control | Control | Control (%)
46532 | Under ground tank working 9.5 0.475 4313 0.216 95
loss
46577 | Under ground tank 1.0 0.1 0.454 0.0454 90
breathing loss
46540 | Vehicle refueling vapor 10.0 0.5 4.54 0.227 95
displacement
46565 | Vehicle refueling Spillage 0.7 0.7 0.318 0.318 0
Total | — 21.2 1.775 9.625 0.806 —

the concrete surface at service stations.
concentration in the tank ullage space.

Uncontrolled emissions are determined from the gas

Since the values in this study will be compared to emission inventories it is important to
understand how inventories are developed and how those values compare to this study. Emission
inventories are based on the mix of controlled and uncontrolled sources and estimate of the number
of operations with defective emission controls. Stage I and Stage II vapor recovery are considered
to be 95 percent effective; so controlled emissions are 5 percent of the uncontrolled value. Breathing
losses from underground tanks are estimated at 10 percent of the uncontrolled value if both Stage I
and Stage II controls are in effect. No controls are assumed for spillage. The mix between controlled
and uncontrolled service stations varies across the State. Some smaller operations have been exempt
from Stage II vapor recovery requirements. Stage I vapor recovery is always used. In addition to
reducing emissions, it returns vapor product to the refinery and provides for safer operations.

Statewide inventories are comprised of emission factors that are adjusted for malfunctions or
failures in the vapor recovery system or defect rate. For example, emissions from vehicle refueling
vapor displacement or working losses with 95-percent control and a 4-percent defect rate would be
the following:

Emissions (Ib/1000 gal) = 10 x 0.96 x 0.05 + 10 x 0.04 = 0.88 (3-5)

The defect rate has a profound effect on the overall emission estimate and was incorporated into the
vapor emissions in this study. Emission inventories include control factors that vary by year and also
defect rates that vary by year. Since these numbers are not readily accessible at this time, distribution
emissions were based on the assumptions shown in Table 5-42. The control factors and defect rates
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Table 5-42. Emission control assumptions for local fuel distribution

Emission Factor
al
&/gah SCAQMD | SMAQMD
Assumed With Defect 1950 1999
With Defect Rate in | Rate or No Inventory Inventory
CES Description Control This Study Controls (g/gal) (g/gal)
46532 | Underground tank 0.215 0% 0.215 0.3954 0.305
working loss
46577 | Underground tank 0.045 0% 0.045 0.0633 0.063
breathing loss :
46540 | Vehicle refueling vapor 0.227 5% 0.443 0.6332 0.534
displacement
46565 | Vehicle refueling 0.318 — 0.318 0.318 0.318
spillage
Total | — 0.805 — 1.199 1.410 1.220

were applied uniformly to all liquid fuels. The baseline uncontrolled emissions were then modeled
from the fuel’s vapor pressure and vapor molecular weight. The resulting emissions estimate is
compared to the emissions inventory for SCAQMD.

The higher effective uncontrolled/defect rates in the inventory reflect uncontrolled sources
such as pleasure boat fuelings or different assumptions on the defect rate. These uncontrolled sources
do not reflect incremental gasoline that would be displaced by alternative fuels, so uncontrolled rates
of 0 percent were used for underground tank working and breathing losses. Data from one fueling
station measurement indicate that breathing losses are lower than those shown in Table 5-42
(Shearer, 1977).

Improving upon the 95 percent control effectiveness does not appear likely with Stage II
controls. The basis for the defect rate is unclear. Actual defect rates may be higher or lower than
the values used in emission inventories. Emission inventories also take into account uncontrolled
fueling stations which are not the focus of this study. The higher inventory value in Table 5-42
reflects defect rates, uncontrolled sources, and emission controls. Future refueling emissions might
be lower due to reduced Stage 2 failures with vacuum assist nozzles and other fueling equipment;
however, the extent of such reductions if any has not been quantified.

Distribution emissions are estimated from the emission control assumptions in Table 5-42, and
the fuel’s properties. An underlying assumption is that the control effectiveness is equal for all fuels.
There might be greater variation in control effectiveness for small volume fuel distribution (perhaps
higher or lower) and underground tank breathing losses would depend upon the fueling station
throughput. The number of vehicles per station will vary as more alcohol-fueled vehicles are
introduced into the State. A total vehicle to fueling station ratio of about 2500 currently exists for
gasoline-fueled vehicles. Many of these stations have multiple tanks. As alcohol-fueled vehicles are
introduced, the ratio of vehicles to fuel tanks will approach the ratio for gasoline tanks. Therefore,
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differences in breathing losses due to differences in throughput will be small on a pound per day basis
during an alcohol vehicle transition and would become negligible for a larger fleet of alcohol-fueled
vehicles. Second order effects on breathing losses (per gallon) would depend on whether gasoline
tanks are decommissioned if alternative-fueled cars displace gasoline-fueled cars. Given equivalent
assumptions on emission control, distribution emissions depend on fuel vapor pressure and vapor
molecular weight. Scenario 4 includes a downward adjustment by 50 percent of service station vapor
losses to reflect reduced emissions from storage tank breathing and a potentially lower defect rate for
Stage II control.

Vehicle Fueling Spillage

Some fuel spills during fueling operations. The API study does not indicate an increase in
spillage from self service fueling and topping off. Spilled fuel evaporates completely and is counted
as fugitive emissions. An exception is diesel which has such a low vapor pressure that it is expected
at least half of the fuel will not evaporate, but will behave similar to engine oil drips. Spilled fuel
is particularly interesting because the ozone potential of liquid fuels are higher than those of their
vapors (with the exception of pure compounds). ARB’s emission factor for refueling spillage is 0.7
1b/1000 gal (0.318 g/gal), and is based on a value in AP-42. A recent study by ARB resulted in a
lower spillage rate of 0.42 1b/1000 gal; however, this value is not used in inventory calculations.
Given the effect of infrequent large spills on the average spill rate, both spill rates were used in this
study.

Spillage rates for other liquid fuels were based on the premise that the average spill volume
remains constant. Several fuel stations were surveyed and an average gasoline fill volume of 8.8
gallons was observed. This is consistent with the 9.2 gal observed by Morgester. An increase in fuel
tank capacity for alternative-fueled vehicles is expected, but not enough to completely make up for
the reduction in energy content. Table 5-43 shows the estimated average fill volume for the fuels in
this study. Gaseous fuels are also shown for comparison. Since the fuels have different densities,
the spill mass was adjusted for each fuel. Table 5-43 shows the liquid fuel spill volumes based on
the 0.7 1b/1000 gal factor. Emissions in Scenarios 3 and 4 are based on a gasoline spillage factor of
0.42 and 0.31 1b/1000 gal.

The fill volume of FFV fuel tanks was adjusted upward in proportion to the ratio of FFV and
conventional gasoline fuel tanks (20 gal/16 gal). Some FFVs may not have increased tank capacity;
however, a 20-percent volume increase reflects actual experience. Diesel fuel tanks should also be
the same size as gasoline tanks since car manufacturers will not bother to reduce tank capacity to
achieve the same range as gasoline. Larger refill volumes were also estimated for M100, E100, LPG,
LNG, and LH, with larger fuel tanks. However, the energy content of these fuels is sufficiently
lower than gasoline to result in fewer Btus of fuel in the alternative-fuel tanks than that of the
gasoline tank. For 2010, one might expect smaller fuel tanks for more fuel-efficient vehicles. These
smaller tanks would result in larger fuel spillage per refueling and would provide further justification
for a spillage factor of 0.7 1b/1000 gal. Also, the baseline 9-gallon gasoline fill volume was based
on current vehicle fleet fueling observations. The current fleet has a higher energy consumption and
larger fuel tank size than the incremental new car. Thus, for new future cars, as fuel tank size
decreases the average volume of fuel spilled per quantity dispensed will increase. During fueling and
fuel transfer processes, liquefied gases or pressurized gas can leak from the trapped volume between
fittings. Trapped volumes were estimated for gaseous fuel transfers and vehicle fuelings, and are
discussed in Section 5.3.3.
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Table 5-43. Vehicle fuel spillage parameters

Scenario/Reduction
Average Tank Spill Volume Spill Rate Factor

Fuel Fill (gal) (mL/fill) | (mL/gal) (g/gal) 2 3 4
Gasoline, RFG 9 4.0 0.44 0.318 1 06 | 044
Diesel 9 4.0 0.44 0.38 1 06 | 044
M85 11 4.0 0.36 0.288 1 06 | 044
E8&5 11 4.0 0.36 0.288 1 0.6 | 044
M100 15 4.0 0.26 0.211 1 06 | 044
CNG 1000 scf 5.0 0.5 0.09 0.8 0.6 04

LNG 14 3.0 0.21 0.09 1 1 1

LPG 12 20 0.17 0.08 1 1 1

LH, 71b 3.0 043 0.03 1 1 1

Vapor Space NMOG Mass

Vapor emissions in this study are determined from modeled vapor concentrations. The fuel
temperature used to determine vapor concentrations was selected to be consistent with ARB’s
inventory for fueling station emissions. Ozone potential was determined from the specific reactivity
of vapors that was determined from speciation analysis. The measured specific reactivity was close
to that estimated in Mobil’s model as discussed in Section 3.

The vapor concentration in the tank vapor space is the basis for fuel transfer emission
calculations in AP-42 and provides insight into the temperature conditions for vapor emissions.
Vapor space concentrations are modeled from equilibrium vapor concentration. The extent of vapor
saturation is reflected by the saturation factor. For vapor recovery systems a saturation factor of 1.0
or completely saturated vapor is assumed in AP-42. ARB (Asregadoo, 1992) bases the vapor space
concentration on test data. The vapor space gas concentration represents the uncontrolled emissions
from tank truck unloading (underground tank working losses), and vehicle tank working losses.

Vapor space concentrations from liquid fuels were estimated from the ideal gas law. Given

a molar volume of 379.6 ft>/1b mole at 60°F, the equilibrium vapor (V) in a tank head space can be
calculated from the following equation:
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V, (blgal) = MW{(ibimol) x Ibmol/379.6 ft3 x 0.1337 ft3/gal 5:6)

x TVPI14/7 psi x 520°FIT

Where:

T = Gas and liquid temperature (°R)
TVP = True vapor pressure (psi) at the equilibrium temperature

Table 5-44 shows the vapor space concentrations from various liquid fuels. Since the ARB inventory
is based on test data that represents a range of gas temperatures and actual saturation conditions, a
representative condition was modeled that reflects the inventory value. An effective fuel temperature
was estimated for the ARB inventory values. The values in the top portion of Table 5-44 illustrate
what temperature conditions would yield vapor concentrations that are consistent with the ARB
inventory values (9.5, 1.0. and 10.0 1b/1000 gal for uncontrolled NMOG vapor mass). The
10 1b/1000 gal emission factor can then be calculated from a temperature of 80°F, TVP of 6.2 psi,
and vapor molecular weight of 70. A higher molecular weight corresponds to Jower RVP gasolines
since they contain less butane (MW=58). One could ignore the inventory data and simply project
vapor emissions based on an assessment of vapor temperatures. This approach could be used to
parametrically evaluate the effect of temperature on fuel cycle emissions, but was not performed in
this study. All of the emphasis was placed on comparison of emissions in the context of the State
inventory values.

Vapor concentrations (uncontrolled NMOG vapor mass) for this study were determined from
equilibrium vapor densities that correspond to 70°F for underground tank vapors, and 80°F for vehicle
fuel tank vapors. Actual vehicle vapor temperatures can be much higher. The equilibrium vapor
densities were determined from Mobil’s model for Phase 2 gasoline, M85 (blended to meet 7.2 RVP),
and E85. Equation 5-6 yields similar results if the TVP is projected from the fuel’s RVP. The vapor
density for M100 and conventional gasoline were estimated from Equation 5-6.

The same temperature conditions can then be applied to a range of liquid fuels to generate
vapor space concentrations or uncontrolled emission estimates that are consistent with California
inventories. This effectively results in an equivalent equilibrium temperature that reflects the actual
range of fuel temperatures and saturation conditions that correspond to test data. The underlying
assumption with this approach is that the inventory data is based on a broad range of conditions and
reflects the suitable conditions. Also shown in Table 5-44 are the vapor densities that would
correspond to underground storage at 60°F and vehicle fuel storage at 100°F. These values were not
used further in this study but provide insight into the effect of temperature on ozone potential.

The inventory values reflect an equivalent equilibrium temperature of about 75°F for storage
tank vapors. This value appears higher than what might be expected for soil temperatures. The
effective temperature for vehicle tank vapors is 80°F which appears reasonable and agrees with fuel
vapor and liquid measurements. Since this study is aimed at evaluating summer conditions these
temperatures were used for estimating uncontrolled emissions. The baseline 8.4 RVP gasoline was
used to represent summer gasoline. This is different than the fuel used in the inventory which reflects
year round fueling. The effective temperature for the inventory was first calculated from the average
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RVP. An effective summer and winter temperatures were then determined. The summertime
temperatures for vehicle fueling were based on ARB fuel tank measurements. The wintertime
temperature is consistent with the overall inventory. This approach, while somewhat arbitrary, is
based on reasonable temperature values and provides a basis for understanding the differences in
emission factors used in this study and those in the State inventory.

Table 5-44 shows the vapor space NMOG for conventional gasoline, Phase 2 gasoline, M85,
M100, E85, and E100. Vapor molecular weights for gasoline and M85 blends were based on the
Mobil model and are consistent with ARB’s data to the extent that the temperature was in equilibrium
and the fuel did not weather. M100 and E100 vapors have the same composition as the liquid. Data
from drum vapors represents storage tank vapors and data from a vehicle tank was used for vehicle
tank vapors. Vapor molecular weights did vary over the range of tank temperatures. Composition
was affected by the temperature equilibrium. Weathering substantially affected the E85 vapors in the
vehicle tank data. The net effect on specific reactivity is negligible since the MIR values for ethanol
and butane are almost identical. A reduced RVP for E85 is therefore assumed. The impact on
running losses and evaporative emissions should be considered; however, if compliance with
evaporative standards is assumed, there should be no effect of fuel weathering. Table 5-44 also
shows tank truck distribution emissions for liquid fuels. These emissions take into account vapor
recovery effectiveness and a 5 percent defect rate for Stage II emission controls as indicated in Tables
5-41 and 5-42. This combination of control effectiveness and defect rates will yield an emission
factor lower than that used in State inventories. However, the inventories include uncontrolled fuel
dispensing which is not relevant to this study.

The MIR ozone potential is calculated from the specific reactivities in Section 3 and the
NMOG emissions (controlled emissions with defect rate) in Table 5-44. The lower RVP of Phase
2 gasoline and lower specific reactivity of vapors contributes to a lower ozone potential Phase 2
gasoline. While splash blended M85 has a higher RVP than that of Phase 2 gasoline, the molecular
weight and specific reactivity of M85 vapors are both about 30 percent lower than those of Phase 2
gasoline. The net result is a 60 percent reduction in the ozone potential of vapors. A vapor space
model was used to evaluate the reactivity of M85 tank vapors (Auto/Qil, July 1994). These results
showed only an 8 percent reduction in specific reactivity. The lower specific reactivity of the M85
vapors appears to be due to a reduction in light olefins in the M85 vapor (C4 through C;, eg. 2-
methyl-2-butene) without a reduction in light paraffins relative to Phase 2 vapor. The comparative
reactivity of the vapor components warrants further analysis.

The ozone potential of M100, E85, and E100 were considerably lower than those of gasolines
and M85. The vapor pressures for these fuels are much lower than those for gasoline. Cold starting
would be an issue with these fuels in conventional FFVs. However, they could be utilized in
alternative engine designs such as direct injection engines. The results for E85 reflect blending with
Phase 2 gasoline and butane to achieve an RVP of 6.5. Blending butane into E85 at the refinery
increases the vapor pressure and the butane content of the vapors. Butane comprises about 56 percent
of the vapor space of splash blended E85. The speciation data and equilibrium modeling were based
on E85 with and RVP of 7.5. This analysis assumed a lower RVP and no change in ozone potential.
(The MIR of butane is 1.02 which is very close to that of E85 vapors. Therefore, reducing the RVP
by reducing butane content would not have a major impact on ozone potential.)

Vapor concentrations were measured for the fuels in this study. The vapor concentrations
presented in Section 3 depend upon the liquid and vapor temperature in the vehicle as well as the
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ambient temperature. All of the tests were not performed simultaneously over the same temperature
conditions. However, the speciation and corresponding molecular weight and ozone potential will
vary less with temperature than the vapor concentration. Since the test conditions do not necessarily
reflect the range of conditions in the State inventory, it was necessary to model the emissions to
present a consistent basis for comparison. A comparison of test vapor concentrations to modeled
vapor concentrations will be made later.

5.3.1.2 Alcohol Fuel Blending Approaches

Different approaches to blending alcohols were evaluated. These included the following
options:

* Option A— Blend at bulk storage tank

* Option B — Blend in tank truck

* Option C — Blend pump at local service station
* Option D — Neat alcohol (M100, E100)

Each option results in different emissions. The properties of the fuel are also affected by the
blending approach. Option A provides for the most accurate fuel mixing. The product fuel could
be blended from volatility adjusted gasoline that results in an RVP of 7 psi.

Option A is the most feasible approach for E85 that is consistent with meeting a 6.5 psi RVP
requirement through blending with butane. Butane could be blended in E85 storage tanks. Option
A is assumed for M85 production from biomass as well as E85 in Scenarios 2, 3, and 4.

Product delivery to bulk storage tanks is assumed to be performed by pipeline for Option A.
Pure methanol or ethanol are delivered to bulk storage tanks. The fuel is then transferred to a
blending tank for mixing to produce M85 or E85. This option requires an additional storage tank for
the fuel blending.

It is impractical to add butane directly to ethanol as vapor losses would occur if the fuel is
not completely blended. Technological innovations could overcome the ethanol blending problem.
For example, a premixing tank could be set up for blending butane with RFG. The RFG/butane
mixture could be bottom filled into a truck containing E100 without generating substantial vapors.
This system would have the advantage of finding a market for butane. However, the advantages of
selling butane may not offset the negative aspects of developing a system to accommodate ethanol
which is not part of the fuel terminal’s sales. However, this scenario is based on a large enough
ethanol demand to support pipeline shipments to Los Angeles. Such a large fueling infrastructure
could certainly accommodate the equipment for butane blending.

Option B is the current fuel distribution approach that is used for M85. .The fuel distribution
for methanol from natural gas is based on option B. This approach requires an additional short tank
truck trip from the gasoline terminal to the methanol terminal. There is also an additional fuel
transfer made to the tank truck. Since RFG and methanol (or ethanol) are stored in separate storage
terminals for this option, the evaporative emissions from bulk storage tanks corresponding to each
component fuel were added in appropriate proportions (approximately 15:85). ES85 is currently
blended in tank trucks, so Scenario 1 is based on blending option B.
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For option C, the methanol and gasoline fuels are delivered separately to underground storage
tanks. With separately stored fuels, the fuel station can sell RFG, M85, and M100. M100 could be
sold as a fuel for heavy-duty vehicles or advanced light-duty vehicles. A blend pump draws fuel
from two tanks and meters methanol and gasoline in the proportions required to meet fuel
specifications. The accuracy of the blend pump is likely to be less than that of either Option A or B.
The level of accuracy of the blend pump approach needs to be evaluated further. Another option for
onsite blending would be a blend tank. This approach would not require a complicated blending
pump to blend M85 on demand and may be simpler to implement. The blend pump approach may
not comply with the strictest interpretations of the M85 fuel specification. However, since it is likely
that FFVs will operate on commingled blends, fuel specification could be modified to accommodate
blend pump operation.

5.3.3 Gaseous Fuel Distribution

Gaseous fuels considered in this study include CNG, LNG, LPG and hydrogen. CNG is
produced across North America and transmitted to distribution companies (utilities) in California. Gas
for CNG is compressed at local fuel stations. LNG is currently produced in Sacramento, California
as a source of pure methane; however, most LNG used recently in vehicles has been shipped from
Wyoming. LNG will probably be imported into California for some applications and new liquefiers
may also be built. LPG for vehicle use is primarily produced from gas treatment facilities and
shipped to California. LPG is also produced as a byproduct of oil refining. Hydrogen is produced
from natural gas in several locations in the U.S including a liquefaction facility in Sacramento.
Liquid hydrogen or LH, was considered as the primary option for hydrogen use. This section covers
fugitive emissions from bulk fuel transportation and local distribution as well as CNG compression
energy requirements. Emissions from fuel hauling are proportional to distances traveled which are
discussed in Section 5.1

5.3.3.1 CNG Transmission and Distribution

Natural gas is transported through pipelines with compressors that maintain a pressure ranging
from 220 to 1100 psi. A typical distribution pressure is 800 psi. Natural gas that will be used to fuel
NGVs will represent new supplies beyond current demand. This incremental gas will be transported
from West Texas or Western Canada.

The compressor power, distance, and gas throughput for several pipeline projects was
summarized by A.G.A. (A.G.A., 1993). The average energy use is 0.014 hp/Mmscf/d. Compression
energy represented on a per mile basis ranged from 0.6 to 2 hp-hr/MMscf/mi with a weighted average
of 0.9 hp-hr/MMscf/mi for Western States. Emissions from compressors are based on emission rates
and transportation distances in Section 5.1. The emissions data base calculates emissions in g/1000
mi/100 scf. Compression energy usage is calculated in terms of a percentage of 1000 miles
transported.

Local fueling stations can be configured in several ways which affects the amount of energy
reqaired for compression. Compression energy depends upon the compressor inlet pressure and the
firal outlet pressure. For light-duty CNG applications, we assume a 3000 psi vehicle storage system.
In practice, slow fill requires compressor outlet pressures of about 3600 psi and fast fill systems
require about 4000 psi compressor outlet. Compressor inlet pressures can vary from a slightly above
atmospheric to 200 psi.

5-74



~ Many fueling systems must take gas from a low pressure supply line that is fractions of a psi
above atmospheric since this is the operating regime for conventional gas meters. A four stage
compressor with a pressure ratio of 4 to 5 in each stage will result in an outlet pressure of about
4000 psi. Local distribution lines often have 200 psi gas which would allow for a two stage
compressor to be used. It is not anticipated that CNG fueling facilities will have access to higher
pressure (800 psi) transmission lines.

Data on actual CNG compression energy requirements appear limited since most CNG
compressors are not equipped with a dedicated electric meter. The Orange County Transportation
Authority has a cascade fill system with a dedicated gas meter and an electric meter which provide
an accurate value for actual compression energy requirements (Unnasch, 1993). This system uses low
pressure gas and fills storage bottles with a fueling capacity of about 6000 scf over a 2 hour period.
Such a system could support 3 cars per hour. Data on gas and electricity use result in compression
energy (compression factor) of 1.2 to 1.4 kWh/scf.

Compression energy can also be calculated theoretically by assuming isentropic compression.
The work for each compression stage would be:

= -1)/ . -
W; =m x (P Jp)¥~ DY (5-7)
Where:
W; = Work per compressor stage
m = Natural gas mass flow rate
(P,/P;) = Pressure ratio between stages (about 5)
Y = Adiabatic constant, ratio of specific heats at constant pressure and constant volume

This equation provides good correlation with actual experience. Data from an OCTA compressor
system required about 10 percent more energy than the theoretical equation which is consistent with
mechanical losses in efficiency. Compressor manufacturers also publish compression factors for their
equipment. Larger capacity compressors are more efficient than smaller ~30-scfm units. The
equation was used to project energy requirements for slow fill fueling and fueling with higher inlet
pressure to the compressor.

Table 5-45 shows energy requirements for CNG compression. Different configurations in the
table are based on the compression requirements for fast and slow fill. The trend in CNG vehicles
is towards higher cylinder pressures. Total compression energy depends on both the inlet pressure
as well as the final outlet pressure. CNG compression energy might increase with higher cylinder
pressures; however, as the industry advances, more fueling sites should make the effort to take their
gas from high pressure lines. Emissions associated with electricity generation for NGV compression
correspond to the average emissions. '

Leaks from CNG compressors are based on comments from compressor manufacturers. Leaks

during fueling correspond to a 5-cc space between the fueling receptacle and vehicle. Gas at 3600 psi
is vented to the atmosphere.
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Table 5-45. Natural gas compression energy

Fast Fill Slow Fill
30 cfm 300 cfm 30 cfm 300 cfm
Compressor Type 5 psi feed | 50 psi feed | 5 psi feed | S50 psi feed

Compression energy
(kWh/100 scf)?

14

0.7

1.2

0.6

30%

20%

30%

20%

Scenario 1 and 2 equipment
mix. Average 1.2 kWh/100 scf.

70% 30%

Scenario 3 and 4 equipment 60% 40% 60% 40%

mix. Average 1.0 kWh/100 scf.

30% 70%

Compressor leaks
(gNMOG/100 scf)
[Source code]

0.01
[C72.1]

41.2 KkWh/100scf for Scenario 1 and 2, 1.0 kWh/100scf for Scenarios 3 and 4.

Measurements of a CNG fueling receptacle and vehicle fitting indicated trapped volume of
5 ml. CNG fittings that were examined made a seal in two steps. First, the fitting is connected to
form a seal. A valve is then opened to release CNG into the vehicle tank. The higher pressure CNG
flows through the vehicle tank fitting and check valve. After fueling, the valve is closed and fuel in
the internal volume is released by opening a valve. This small volume of fuel is often routed away
from the fueling station into the atmosphere. Fuel leakage is calculated from the gas density at 3600
psi (3000 psi for a slow fill system). This leaked fuel passes through a hose where it is routed away
from the vehicle. New CNG fueling installations are equipped with a receiver tank that captures and
recompresses the vented gas.

5.3.3.2 LNG Distribution

LNG is generally stored in a saturated liquid state that is described by the Mollier diagram
in Figure 5-18. LNG is typically stored at a temperature that is in equilibrium with its temperature.
LNG stored at lower pressures is colder than LNG stored at higher pressures. When LNG is stored
at pressures above atmospheric, its temperature increases and density decreases.

LNG is stored and distributed in insulated and pressurized storage tanks. In bulk storage
tanks that are as large as 500,000 gallons, the storage pressure is 1 psig or lower. Vaporized LNG
vents or is drawn off and therefore, the storage pressure does not build up. LNG delivery trucks and
local distribution tanks have a capacity of approximately 20,000 gallons and contain LNG at about
50 psig. LNG storage pressures in vehicles depend on the fuel system design and can vary from
atmospheric to about 100 psig. At 100 psig fuel pressure, the fuel temperature is about -222°F and
the volumetric energy content decreases by about 8 percent compared with LNG that is stored at
atmospheric pressure. In order to avoid confusion on the mass of LNG, fuel-cycle emissions are
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Figure 5-18. The phase diagram for LNG shows how the storage temperature increases
as storage pressure increases
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calculated for a gallon of LNG at -260°F (atmospheric conditions), although the fuel will be stored
at different states.

The analysis for LNG distribution is based on the following emission estimates. LNG is
stored in a bulk storage tank. The tank vents periodically and it is assumed that these emissions are
sent to a flare. For foreign LNG transported by ship, it is assumed that the ullage space is
equilibrated to atmospheric pressure for safety reasons. It is assumed that this gas is burned in a
shipboard engine. Energy input requirements for LNG production are adjusted for venting losses.

LNG tank trucks are filled at the LNG terminal in the U.S. Since the tank truck can store
LNG at 60 psi pressure, and low pressure LNG is added to the truck, all of the ullage space vapors
on the truck can be absorbed into the cold LNG. This might result in a final pressure on the truck
of 10 psi. Such vapor management could be readily implemented but is not in place at this time.
For current tank truck fillings, it is expected that one half of the ullage space vapors will be vented.
For year 2010 scenarios, all of the ullage space vapors will be recondensed into the LNG and hose
disconnection losses will be the only vehicle fueling emissions. LNG trucks will not vent enroute
to the fueling station during local delivery.

LNG is pressure transferred from the truck to the fueling station. Currently, the pressure for
transfer operations is generated by passing LNG through a heat exchanger on the truck. The LNG
is pressure transferred to the local storage tank. The ullage space vapors in the storage tank can be
reabsorbed into cold fuel from the truck. For top fill storage tanks, the cold liquid can spray into the
tank and condense (or collapse) the ullage space. Other techniques for managing the storage tank and
tank truck vapor are also possible. Currently, the storage tank ullage and tank truck ullage are vented
to some extent depending on the type of fill system. For the years 2000 and 2010, it is expected both
tank truck and storage tank vapors will be absorbed into the LNG.

Vehicle fuel tanks are filled according to their design storage pressure. Since cold LNG will
expand as it warms in a pressurized tank, these tanks accommodate slightly less fuel. For a vehicle
fuel tank with a storage pressure of 40 psi, the vehicle fuel tank is filled to 82 percent full level.
The ullage space allows room for expansion as the fuel heats up. As in the case of storage tank
transfers, appropriate vapor management can accommodate all of the vapors from the vehicle fuel
tank with only minimal hose/fitting venting. Such designs should be in place by the year 2000.
Table 5-46 shows the emissions from tank truck transfers for liquefied gases.

Several sources of fuel leaks exist for LNG fueling. The fuel hose and possibly a vapor
return hose is connected to the vehicle. Returning vapors to the storage tank offers the best option
for heat management. The liquid fuel line and vapor return line are connected to the vehicle. These
fuel lines contain vaporized LNG at the storage tank pressure, assumed to be 100 psi for the vehicle
tank. When the fuel lines are connected, a small amount of gas escapes as the fittings are coupled
together. Acurex Environmental determined the vapor release from LNG fittings by opening a fitting,
pressurized with 100 psi gas, and capturing the gas underwater. The trapped vapor was recalculated
as LNG vapor escaping from the fitting at sonic conditions. The LNG vapor loss was determined
to be 13 mg per connection or 0.052 g for connect and disconnect of two line. Leaks can also occur
from the fitting while it is connected. These leaks appear to be minimal over the time required for
vehicle fueling.
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Table 5-46. Fuel from gaseous fuel delivery

Liquid Spill Vol
Tank Volume |1 OPT YOUME | o o) pote

Emission Source (gal) (mL/fill) (mL/gal) (g/gal)
LPG truck fill outage? — — — 2
LPG truck fill hose 10,000 1391 0.139 0.070
LPG local tank hose 10,000 17.4 0.0017 0.0008
LPG local tank outage — — — 5
LNG truck fill hose 11,000 1391 0.6 0.048
LNG tank hose 11,000 20 0.00 0.0007
LNG truck venting? 11,000 — —_ 5.75

?Better vapor management should eliminate this emissions source by the year 2010.

Several LNG fittings were inspected in order to determine trapped fuel volumes which ran ged
from 4 to 5 mL. Communications with another manufacturer indicated a trapped volume of 2.44 mL.
Some fueling facility specifications have required a maximum leakage of 1 mL; however, it is unclear
whether this specification has ever been enforced. This study assumes a liquid spill volume of 3 mL.

5.3.3.3 LPG Distribution

LPG is stored and distributed in pressurized tanks. The fuel is stored in a liquid state at
ambient temperature and the pressure in the tank is in equilibrium. At 70°F the storage pressure is
105 psig. When LPG is transferred from a storage tank to a tank truck, or to a vehicle fuel tank, a
transfer pump provides about 50 psi of differential pressure. When fueling vehicle tanks, the fuel
enters the tank and the LPG ullage condenses. This process can be accelerated with top loaded tanks
where the liquid spray can absorb some of the heat from condensing the vapors.

The tank trucks are filled at refineries with a two hose system with one hose acting as a vapor
return. Hoses are evacuated after fuel transfer operations at the refinery. Tank trucks can be filled
to a safe fraction of its water capacity by weighing the truck during fueling (Lowi, 1994), although
this is not the current practice. However, current regulations require the use of an "outage" valve that
indicates when the tank is full. Some LPG also enters the atmosphere from the fuel transfer fitting.

Table 5-46 shows the emissions associated with LPG storage and distribution. The LPG
emissions correspond to the volume of liquid that escapes from the fuel transfer fitting divided by the
amount of fuel transferred. Currently, LPG vehicles in California are equipped with an "outage"
valve that indicates the 80-percent fill level by spilling LPG to the atmosphere. During vehicle
fueling, the outage valve is opened and vapors pass through a 0.060-inch orifice and through the
valve. When LPG reaches the 80 percent level in the vehicle tank, liquid enters the fill level line and
exits into the atmosphere. A puff of white liquid is visible to the fueler, which provides an additional
signal that the tank is full. California’s vehicle code requires use of the outage valve. As indicated
in Table 5-43, emissions from vehicle fueling are several grams per gallon.
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Many LPG tanks are already equipped with automatic stop-fill devices that could eliminate
fuel tank vapor venting; however, Titles 8 and 13 of the California Administrative Code require the
use of the outage valve. Other countries, including the Netherlands where many LPG vehicles
operate, do not use the outage valve for fueling. One might expect that many LPG vehicles in
California are fueled without using the outage valve if they are equipped with automatic stop fill
devices.

A committee of NFPA, CHP, NPGA, and WLPGA representatives are working to set
standards that will allow LPG vehicles to be fueled without leaking LPG to the atmosphere.
Equipment that will minimize the fuel released from transfer fittings is also being approved (Wheeler,
1994). EPA regulations on evaporative emissions from vehicles will also eliminate outage valve
emissions.

Emission estimates for LPG fueling are based on the following conditions:

1391-cc loss from fuel couplings on 10,000-gallon delivery trucks. Fluid loss is
equivalent to 18 inches of 1.25-inch-diameter (inner diameter) hose (Lowi, 1992)

*  Current vehicle hose coupling liquid losses are 7.57 cc (Lowi, 1992) for a 12-gallon fuel
transfer. Dry-break couplings would have less than 5 percent of the trapped volume of

current LPG nozzles of the same capacity. The use of these nozzles is expected beyond
the year 2000.

*  Current fuel tank vapor displacement is based on sonic flow through a 1.5-mm orifice,
70°F tank temperature with a fuel pressure of 105 psig. Assuming an orifice discharge
coefficient of 0.5 results in 2 g/s of vapor flow. With an 8 gal/min flow rate, vapor
displacement is 15 g/gal.

= Vapor displacemént from current tank truck filling assumes a 100 gal/min fill rate with
an outage loss of 2 g/s.

5.3.3.4 LH, Storage and Distribution

Emissions from hydrogen storage and distribution are not counted in any of the emission
categories in this study. These losses are however counted towards the total hydrogen required to
produce a delivered Ib of hydrogen. The principal hydrogen losses occur during bulk storage and
local storage venting. Since hydrogen has such a low boiling point compared with LNG, heat transfer
rates is greater and venting is more likely to occur. Some of the hydrogen may be recovered at the
bulk facility; however, reliquefaction or burning it as a fuel will result in a net increase in energy
input. This study assumes a 1 percent loss of hydrogen for LH, applications in Scenarios 2, 3, and 4.

5.3.4 Electricity Distribution

Electricity distribution results in losses through the power lines. Typical transmission losses
range from 3.5 to 13.5 percent. This value depends on the specific application. Transmission losses
are built into the power generation requirements discussed in Section 5.2.6. CEC’s ELFIN runs took
into account the average distribution losses for LADWP and SCE (around 9 and 7 percent
respectively). This simplification probably overstates emissions in the South Coast Air Basin for
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several reasons.. First, the distance required for power distribution and associated distribution losses
are smaller for power generated in the South Coast Air Basin than for the utility company average.
Therefore, the energy inputs for power produced in the South Coast Air Basin are probably
overstated. Secondly, the ELFIN runs predict a South Coast Air Basin power generation mix between
49 and 58 percent for incremental (RECLAIM constrained) power compared with 21.7 percent for
average power (note the %Energy, Total South Coast Air Basin, year 2010, entries in Tables 5-36,
5-37, and 5-38. Even if transmission losses were not adjusted for local production, a higher local mix
of local power production should drop the average distribution loss rate. Based on these
considerations, the total emissions for South Coast Air Basin power, including transmission are
probably overstated by at least 2 percent, while emissions associated with out of basin power are
understated.

Losses also occur during vehicle charging. The magnitude of these losses depend on the
battery type and charging system. EV energy consumption is reported in terms kWh of electricity
at the outlet; therefore the EV energy consumption includes charging losses. Actual energy
consumption could vary with the type of EV charger and the state of battery charge.

5.4  EMISSION CALCULATIONS

Emissions per unit of fuel were calculated for the fuel and feedstock combinations in
Table 4-1. Emissions are partitioned by their geographic location and production phase. The data
base calculation makes the partitioning simpler. The data base approach also allows for better
tracking of ozone potential factors and modifying the results if new data are available. Emission rates
in Section 5 are included in the EFACTOR data base in Appendix B (Figure 5-19). The first columns
indicate the feedstock or fuel code. Lower case codes represent feedstocks and upper case codes
represent product fuels. Values from Section 5 are located in the next group of columns without a
change in the units. The code for the NMOG source follows the NMOG emissions. This code relates
to the specific reactivity values in the SPROF data base. Btus following the reactivity code are
represented in the same units as emissions (e.g. Btu/bhp-hr and g/bhp-hr). The next group of columns
includes factors to convert from input values to a final calculation of emissions. The simplest values
are fugitive emissions, for example, g/100 scf of natural gas. No conversion factor is used and the
right group of columns also shows CH, and NMOG in g/100 scf. Btus are calculated from the fuels
higher heating value and are used to track total energy use in the fuel cycle. CO, is calculated
assuming that hydrocarbons react to produce CO, in the atmosphere for the factors from Table 2-1.

In order to readily use the same emission rates for a range of use factors, some of the
emissions are in mixed units which are taken into account in the next data base calculation. For
natural gas pipeline distribution, the conversion factors are 0.9 hp-hr/MMscf/mi, a baseline usage
factor of 1000 mi, an 10°* (100 scf)/MMscf. These factors convert the emissions into g/100 scf for
1000 miles traveled. Emissions sources with mixed units include the following:

* Natural gas engine emissions £/100 scf/1000 mi

*  Tanker ship emissions g/gal(fuel or crude)/1000 nautical mi

e Electricity use g/kWh (primary unit for EVs but mixed for fuel
production) :

* Boiler emissions £/10,000 Btu

e Farm equipment emissions g/10,000 Btu

* Rail car emissions g/gal fuel/1000 mi
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~ * Refinery emissions . - g/gal gasoline
*  Tank truck emissions g/gal/50 mi

Other emission ratés are simply stated per unit of end product. These include the following:

*  Fuel transfer emissions g/gal
* Natural gas fugitive emissions g/100 scf
*  Methanol production emissions g/gal
*  Methanol plant fugitive emissions  g/gal
* Ethanol plant fugitive emissions g/gal

The VIEW data base combines the values in EFACTOR with the location of fuel production
facilities and transportation routes identified in Section 4 and 5.1. Figure 5-20 shows an example
from VIEW. The first column identifies the feedstock/fuel combination with its code and description.
The scenario and production phase are identified in the next columns followed by the percentage
allocation of emissions by geographic location. One or more emission codes are identified for each
production phase. The phase weight is the product of the A, CD, and Use factors. The A factor
represents the contribution of the emission source towards the finished fuel production. For example,
A=88 for M100 shipments for M85 production (88-percent methanol). The CD factor takes into
account emission controls as well as distance traveled. The Use factor takes into account usage
factors such as gallons of methanol for MTBE per gallon of gasoline or kWh of power used per unit
fuel produced. The accounting of pipeline transmission emissions is more complicated. Separate
emission rates are used for gas turbines and reciprocating engines. The EFACTOR data base shows
emissions on a g/100 scf/1000 miles basis. These emissions are further broken down by South Coast
Air Basin engines and others. The 50 percent A factor represents the split between gas turbines and
reciprocating engines. Since emission controls do not affect pollutants uniformly, a separate emission
rate is used for each emission control assumption. The geographic allocation for the South Coast is
5 percent or 50 mi. The total percentage allocation adds to greater than 100 percent in proportion
to the total mileage for transmission (1350).

For Scenario 2, Phase ph, in the South Coast Air Basin, emissions are calculated according
to the routine outlined below.

Eyphsc = Y, (EMI + EM2 + EM3 + EM4] x SC x pHWI),; (5-8)

MIR ozone potential is calculated from the following:
OPMIRy yysc = Y. (& [EM; x MIR; x SC x PhWil,,_,) (5-9)

For example, for transmissions, Phase 5, MIR ozone potential in the South Coast Air Basin is
calculated as:
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' EM ~MIR SC pHWt
0PMIR2,5’SC = (0.50 x 0.41MIR x 0.05 x 0.5) Reciprocating engines (n51.2)

+ (0.01 x 0.41MIR x 0.05 x 0.5) Gas turbines (n52.2) (5-10)

+ (0.78 x 0.03MIR x 0.04 x 1.0) Transmission losses (n53.1)

= 0.018 g03/100scf Total

Another example is gasoline distribution, Scenario 3, Phase 8, NMOG in the South Coast Air Basin
which is calculated as follows: :

EM1 EM2 SC pHWt

NMOG; g s¢ = ([0.2086 + 0.4123] x 1 x 1) Distribution fugitives (G82.2,G82.3)

+ (03175 + 0]  x 1 x 0.6) Distribution spills (G82.4) (5-11)

= 0.811 gNMOGl/gal Total

The EFACTOR data base includes a profile field which identifies the specific reactivity for NMOG
emissions which are in the SPROF2 data base. Fuel-cycle emissions are calculated on a g/unit fuel
and presented in the RSLTSGPG data base. These results are sorted by fuel/feedstock combination.
The RSLTSGPG data base is related with fuel consumption in the FELOW data base to calculate
emissions on a g/mi basis.

5.5 MARGINAL EMISSION ANALYSIS

Emissions for incremental alternative fuel production and gasoline displacement were
calculated for fuel cycle activities in the South Coast Air Basin. The average emission values were
adjusted according to Table 5-47. The net result of the incremental analysis is that NO, emissions
amount only to tanker ship and truck emissions in the South Coast Air Basin. All other NO,
emissions are either controlled by RECLAIM or are associated with fuel production out side of the
South Coast Air Basin. NMOG emissions correspond to fuel storage and distribution activities as
well as power production for EVs.
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Table 5-47. Adjustments for mafginal fuel cycle emission analysis in
the South Coast Air Basin, 2010

Fuel Marginal analysis assumption

Gasoline, RFG, diesel, LPG | Zero emissions for Phases 1 through 3.
Add emissions for tanker ship imports of finished fuel.

Methanol and ethanol Produced outside of the South Coast, so there is no change in
emissions. Zero emissions for Phases 1 through 3 (emissions
associated with RFG production)

CNG Zero emissions for Phases 1 through 7 except for pipeline
transmission emissions in Phase 5. Emissions associated with
pipeline leakage do not increase with increased throughput.

EV Zero emissions for Phases 1 and 2 (second order feedstock
production and transmission emissions)

Include emissions for Phase 3. NO, would be zero for electric
power generation associated with liquefaction (no South Coast
Air Basin generation was assumed in this study)

LNG, LH, Produced outside of the South Coast, so there is no change in
emissions.
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" SECTION 6

COMPARISON OF EMISSIONS

6.1 FUEL-CYCLE EMISSIONS PER UNIT FUEL

The total fuel-cycle emissions were calculated using the emission rates in Section 5 and the
Scenario assumptions in Section 4. The emissions were categorized by fuel/feedstock combination,
scenario, geographic distribution of emissions, and fuel-cycle phase. The combination of variables
represent over 20,000 emission calculations which were performed by a relational data base. The
fuel-cycle emissions are shown for each unit of fuel in Appendix B. Comparisons of the emissions
from different production processes are discussed below.

The tables in Appendix B show the emissions grouped by geographic source. This
presentation is not particularly interesting for comparative purposes, but represents a close tie to the
data in Sections 4 and 5.

Observations from these results include the following:
* NMOG emissions are highest from the fuel distribution phases

*  Fugitive emissions from methanol, ethanol, LNG, and LPG are much higher in 1992 than
in future years. Higher throughput for alcohols will decrease the per gallon emissions
from fuel storage tanks. Emissions from LNG and LPG are assumed to improve as
provisions are made for fuel transfer without vapor releases.

6.2 VEHICLE FUEL CONSUMPTION

Table 6-1 shows the fuel economy values for vehicles in this study. The energy efficiency
ratio represents the energy consumption of conventional gasoline-fueled vehicles divided by the
energy consumption of alternative-fueled vehicles (lower heating value basis). A vehicle with an
energy efficiency ratio of 1.05 is 5 percent more efficient than a gasoline-fueled vehicle or uses 5
percent less Btu per mile.

Energy efficiency is based on the assessment of vehicle fuel economy data as well as
projections of the potential for alternative-fueled vehicles. Diesel cars are in production and have a
history of improved fuel economy. Some data are available on production methanol FFVs.
Production versions of all of the other alternative-fueled vehicles were not produced by major
manufacturers in California in 1992. Since the emissions and fuel economy performance of older
retrofit CNG and LPG engines were not equivalent to that of gasoline, these fuels were assigned a
lower fuel efficiency for Scenario 1. LPG and CNG vehicles may offer some efficiency
improvements over gasoline; however, such improvements are intertwined with differences in vehicle
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Table 6-1. Fuel economy assumptions for light-duty vehicles

6-2

Exhaust CO2
LHV Energy Fuel Economy | Fuel Use Emissions Carbon as
Fuel (unit) Scenario | (Btu/unit) | Efficiency Ratio (mi/unit) Ratio (g/mi) CO2 (Ib/unit)
Gasolme (gal) T 113,300 T00 23.00 T00 36635 186
RFG (gal) 1 113,000 1.00 22.52 1.02 366.4 -18.2
Diesel (gal) 1 130,800 1.20 31.28 0.74 3223 222
LPG (gal) 1 83,000 1.00 16.54 1.39 3458 12.6
M85 NG (gal) 1 64,390 1.05 13.48 1.71 348.6 10.3
M85 biomass (gal) 1 64,390 1.05 13.48 1.71 46.3 14
M100 (gal) 1 57,000 1.05 11.93 1.93 347.7 9.1
E85 (gal) 1 81,870 1.05 17.13 1.34 59.9 23
CNG (100 scf) 1 92,800 1.00 18.50 1.24 3034 124
LNG (gal) 1 72,900 1.00 14.53 1.58 295.8 9.5
H2(1b) 1 51,600 1.05 10.80 2.13 0.0 0.0
Electric (kWh) 1 3,412 420 2.86 8.05 0.0 0.0
(asolne (gal) 2,3 115,400 1.0¢ 27.50 T.00 306.5 1.6
RFG (gal) 23 113,000 1.00 26.93 1.02 306.5 182
Diesel (gal) 2,3 130,800 1.20 37.40 0.74 269.6 222
LPG (gal) 23 83,000 1.03 20.37 1.35 280.8 12.6
M85 NG (gal) 2,3 64,390 1.03 15.80 1.74 297.2 10.3
MB35 biomass (gal) 2,3 64,390 1.03 15.80 1.74 39.5 14
M100 (gal) 2,3 57,000 1.05 14.26 1.93 290.8 9.1
E85 (gal) 23 81,870 1.03 20.10 1.37 51.0 23
CNG (100 scf) 23 92,800 1.03 22.78 121 246.4 12.4
LNG (gal) 2,3 72,900 1.03 17.89 1.54 240.2 9.5
LH2(1b) 2,3 51,600 2.00 24.59 1.12 0.0 0.0
Electric (kWh) 23 3,412 4.92 4.00 6.88 0.0 0.0
Gasolme (gal) 4 115,400 1.00 32.00 1.00 2634 18.6
RFG (gal) 4 113,000 1.00 31.33 1.02 2634 18
Diesel (gal) 4 130,800 1.20 43.52 0.74 231.7 22
LPG (gal) 4 83,000 1.05 2417 132 236.7 13
M85 NG (gal) 4 64,390 1.05 18.75 1.71 250.5 10.3
M85 biomass (gal) 4 64,390 1.05 18.75 1.71 33.3 14
M100 (gal) 4 57,000 1.10 17.39 1.84 238.6 9
E85 (gal) 4 81,870 1.05 23.84 1.34 43.0 2
CNG (100 scf) 4 92,800 1.05 27.02 1.18 2077 12
LNG (gal) 4 72,900 1.05 21.23 1.51 202.5 9
LH2(Ib) 4 51,600 2.00 28.62 1.12 0.0 0
Electric (kWh) 4 3,412 528 5.00 6.40 0.0 0
Fuelnormxls




acceleration and weight. Therefore, the LPG, CNG, LNG, and M100 vehicles represent a
hypothetical vehicle. The basis for the hydrogen vehicle in Scenarios 2, 3, and 4 is a fuel cell
powered electric vehicle which has the potential for high energy efficiency because of the high energy
conversion efficiency of fuel cells. Electric vehicles are also very efficient because thermal
conversion has already been performed at the power plant.

The fuel economy comparison is conceptually difficult since equivalent vehicles will not be
available in all size categories for all of the alternative fuels. Alternative fuels will more likely be
sold in markets where the fuel makes the most sense. Electric vehicles may be smaller than the
baseline gasoline vehicle. They may also not have the same cargo hauling capability or exactly the
same performance. However, the electric vehicle might well displace a gasoline vehicle with greater
range or carrying capacity. Likewise, a CNG vehicle might lack the same cargo capacity as a
gasoline car. All of the alternatives will have different attributes and characteristics compared to the
baseline gasoline. Therefore, Table 6-1 should be considered as a normalized assessment of
equivalent fuel economy.

The fuel use ratio indicates the amount of fuel needed to displace one gallon of conventional
gasoline. Since reformulated gasoline contains MTBE, 2 percent more fuel is required for vehicles
with the same efficiency as conventional gasoline vehicles. Fuel economy for 1992 gasoline vehicles
represents an estimate of the on-road fleet. Again, by assuming vehicles with an equivalent fuel
economy, second order effects on the gasoline vehicle fleet mix are implicitly inconsequential.
However, the use of alternative fuels will undoubtedly affect the gasoline vehicle mix since these
vehicles will not be uniformly distributed across the vehicle line. For example, CNG vehicles could
find more extensive use in larger vehicles such as light trucks. If for example, CNG vehicles
replaced larger vehicles, then their fuel cycle emissions would be larger than those indicated by this
study. Therefore, fuel economy for alternative fueled vehicles are based on a baseline gasoline fuel
economy. A baseline fuel economy of 27.5 mpg for gasoline cars is used for Scenarios 2 and 3. A
higher fuel economy case for Scenario 4 reflects reductions in fuel use that are consistent with the
National Energy Strategy. The fuel efficiency of alternative-fueled vehicles was increased for the
high fuel economy case. Greater extremes in fuel-cycle emissions could be illustrated by assuming
higher alternative-fueled vehicle efficiency with lower gasoline vehicle efficiency.

6.3  MILEAGE EQUIVALENT FUEL-CYCLE EMISSIONS

Fuel-cycle emissions were compared on a g/mi basis for the fuel economy values in Table 6-1
and the fuel and feedstock combinations in Table 6-2. The fuel-cycle emissions are categorized by
extraction (Phases 1 and 2), production (Phase 3), marketing (Phases 4, 5, 6, and 7), and distribution
(Phase 8). Table 6-3 shows how marginal emissions are determined. Figures 6-1 through 6-44
illustrate the results on a g/mi basis.

Figures 6-1 through 6-8 show average NO, emissions for Scenarios 1 through 4 in the South
Coast air Basin as well as California and U.S. emissions for Scenario 3, and total global emissions
for Scenarios 3 and 4. The global emissions include the emissions in the South Coast, California,
the United States, and the rest of the world. The results for Scenario 4 reflect the effect of vehicle
fuel economy.

Figures 6-9 through 6-16 show average NMOG emissions for Scenarios 1 through 4 in the
South Coast Air Basin as well as California and U.S. emissions for Scenario 3, and total global
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Table 6-2. Fuel-cycle emissions were categorized into eight
production and distribution scenarios

Phase Ng,

PO MY S
Descri PpLioi

Extraction

1.
2.

Production
3.

Marketing
4.
5.
6.
7.

8.

Distribution

Feedstock extraction
Feedstock transportation

Fuel processing/refining

Fuel storage at processing site
Transport to bulk storage

Bulk storage

Transport to local distribution station

Local station distribution

Table 6-3. Procedure for calculating marginal emissions in
Scenarios 2, 3, and 4

Fuel-Cycle Phases set to Zero for
Marginal Analysis

Case

Fuel Code NO, NMOG
Gasoline oG 1,2, and 3 1,2,and 3
RFG oR 1,2,and 3 1,2, and 3
Diesel oD 1,2,and 3 1,2,and 3
LPG oP 1,2, and 3 1,2,and 3
MS85 from NG nN 1,2,and 3 1,2, and 3
M35 from biomass bN 1,2, and 3 1,2, and 3
M100 from NG nM 1,2, and 3 1,2, and 3
E85 bE 1,2,and 3 1,2, and 3
CNG ‘nC 1,2, and 3 1,2,3,4,5,6,7
LNG nL — —
Hydrogen nH — —
Electric xJ 3 1and 2
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emissions for Scenarios 3 and 4. Figures 6-17 through 6-24 show the ozone potential for average fuel
production in the South Coast Air Basin on the MIR and MOR scales. Figures 6-25 through 6-28
show average CO emissions in the South Coast Air Basin.

Figures 6-29 through 6-36 show total global CO, and CH, emissions. Some of the fuel-cycle
components include negative values due to by-product credits and electric power generation credits
for biomass-derived fuels. Total CO, emissions can be determined by adding the exhaust emissions
in Table 6-1 to the fuel-cycle emissions. This comparison provides a good illustration of the low
CO, contributions of EVs and hydrogen-fueled vehicles.

Figures 6-37 through 6-44 show the results of the marginal emission analyses for NO,,
NMOG, and ozone potential (MIR and MOR). These are shown for Scenarios 2 and 3, which
represent assumptions closest to emission factors considered in the SCAQMD emission inventory.

In the year 2000, approximately 1 trillion miles will be driven by automobiles in California.
This value should remain fairly constant whether all the miles driven used conventional gasoline or
a mixture of alternative fuels. Considerations regarding marginal emissions should be reexamined
if the fuel-cycle emissions are used to determine emission inventories for air quality modeling
purposes. In particular, the number of storage tanks for local distribution should be matched to
assumptions on vehicle fleet populations. Further attention should be given to adjusting stationary
source inventories to completely account for all petroleun operations that do not relate directly to
incremental alternative fuel vehicle operation. For example, emissions from gasoline pleasure boat
refueling should remain in the inventory even if alternative fuels displaces gasoline.
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64 UNCERTAINTY ANALYSIS

The uncertainty in fuel-cycle emissions is reflected to some extent by Scenarios 2, 3, and 4,
which represent specific combinations of emission factors, fuel economy, and fuel infrastructure
assumptions. The NMOG values for RFG are 0.06, 0.053, and 0.039 g/mi, respectively. A more
thorough estimate of the emissions uncertainty can be determined by examining the range of the
emission inputs. Table 6-4 examines the uncertainty in NMOG emissions from RFG production,
taking into account more extreme assumptions than those estimates considered in Scenarios 2 through
4. This analysis shows a factor of 4 variability in fuel-cycle emissions, with a minimum emission
level of 0.024 g/mi NMOG. These extreme uncertainties are unlikely to all occur at the same time,
so a better measure of uncertainty would be an assessment of the uncertainty of independent variables
such as those listed in Table 6-5. This table shows the estimated uncertainty for three major
independent variables. The uncertainties are different for different fuels, since some fuel options are
more sensitive to assumptions regarding emission control while others have less well-defined fuel
economy. On balance, the uncertainty in g/mi emissions for the three fuel options in Table 6-5
ranges from 44 to 48 percent. The corresponding range in NMOG emissions for RFG would be
0.035 to 0.079 g/mi.

Table 6-4. Maximum range in NMOG emissions for RFG
(within the South Coast Air Basin)

NMOG 1
Average Emissions from (efgal)

RFG Production High Low
Scenario 3 emissions (g/gal) 1.459 1.459
Estimated Uncertainty {g/gal)

Refueling spillage +0.127 -0.051
Refueling temperature +0.025 -0.15
Service station controls +0.010 -0.10
Other emissions +0.010 -0.10
Oil refinery fugitives +0.05 -0.323
Total uncertainty +0.627 -0.724
Total emissions 2.086 -0.735
Fuel economy (mi/gal) 25 30.25
Fuel-cycle emissions (g/mi) 0.038 0.024
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Table 6-5. Estimated uncertainty in fuel-cycle emissions

Estimated Uncertainty (%)
Parameter Gasoline Electric CNG
Emission factors 41 30 40
Fuel economy 10 25 15
Scenario assumptions 23 20 20
Total uncertainty? 48 44 47

Total uncertainty is calculated on a root-mean-square (RMS) basis based on the
uncertainties in emission factors, fuel economy, and random and independent
scenario assumptions.
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SECTION 7

CONCLUSIONS AND EMISSION POLICY CONSIDERATIONS

7.1 CONCLUSIONS

Fuel-cycle emissions were evaluated in the context of incremental emissions associated with
incremental alternative fuel consumption or gasoline displacement. A moderately small use of
alternative fuels would displace gasoline that would be imported into the South Coast Air Basin or
allow for additional exports from the South Coast Air Basin, while a more aggressive alternative fuels
penetration may lead to a reduction in refinery output. Small increments of alternative fuel use would
displace emissions from fuel hauling, vehicle fueling, and possible marine vessels used to import
gasoline. On a small scale, other market conditions will influence refinery emissions more
substantially than gasoline displacement due to alternative fuel use, leaving the refineries in the South
Coast Air Basin operating at capacity. Many alternative fuels would be produced outside the South
Coast Air Basin. Their incremental emissions correspond to fuel trucking or distribution and local
vehicle fueling.

Electricity for EVs in use in the South Coast Air Basin is generated in the basin, the rest of
California, and outside of California. Incremental emissions from power generated in the South Coast
Air Basin are limited by several factors. Non-utility power generators in the South Coast Air Basin
will not contribute to new power generation as their capacity is already incorporated into the current
power generation mix and adding new non-utility capacity is not economically attractive.
Furthermore, existing facilities in the South Coast Air Basin could not increase emissions beyond
current permit levels and new facilities would need to buy offsets. Power plants in the South Coast
Air Basin are subject to RECLAIM which provides a cap on power plant NO, emissions for each
utility. The CEC modeled the power generation requirements for baseline power and for EVs with
several different power generation scenarios, ranging from 40%, 55%, and 80% EV distribution in
the SCAB; 0.24 kWh/mi and 0.35 kWh/mi EV efficiency; and 80/20 vs. 95/5 off-peak/on-peak
charging. In the year 2010, CEC projects that SCE will be below its RECLAIM limit while LADWP
will be above its RECLAIM limit for CEC’s projected mix of power generation. This analysis is
based on an assessment of the number of power plants that are equipped with SCR. If a utility is
above its RECLAIM limit, it can install SCR on additional power plants or purchase NO, offsets.
If a utility is already at its emission cap or in a position where it needs to purchase offsets with
respect to South Coast Air Basin RECLAIM, any incremental power generation for EVs will result
in no additional NO, emissions in the South Coast Air Basin.

Based on CEC’s analysis of the emissions of power plants with respect to their RECLAIM
limits, NO, emissions from EVs in the South Coast Air Basin in 2010 will range from 0.008 to 0.012
g/mi. However the EV power generation will result in zero additional incremental NO, in the South
Coast Air Basin due to RECLAIM limits. If a utility’s baseline emissions (without EVs) are below
its RECLAIM target, the utility would sell credits with the result of no net increase or decrease in
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NO,. Margihal hydrocarbon emissions from EVs, based on the CEC scenarios, are less than
0.005 g/mi.

Marginal emissions from reformulated gasoline distribution correspond to about 0.03 g/mi of
hydrocarbons and 0.002 g/mi of NO, from delivery trucks. The rate of alternative fuels penetration
would affect marginal emissions from gasoline production. There would be zero impact on refinery
NO, or hydrocarbon emissions if displaced gasoline matched growth in exports to other states. If
gasoline imports were rising to meet vehicle demand, alternative fuels would displace NO, emissions
corresponding to 0.01 g/mi from marine vessel operations in the South Coast Air Basin. Importing
methanol by tanker ship would result in more than 0.01 g/mi of NO, from tanker ships due to the
fuel’s lower energy density. This source of NO, would be avoided with ethanol, methanol, and
hydrogen produced from biomass as well as CNG and domestic LNG.

The low vapor pressure and ozone potential of methdnol and ethanol suggest that the ozone
potential from M85 and E85 distribution might be lower than that of gasoline. However, blending
with gasoline and increased volumetric fuel consumption results in an ozone potential for distribution
emissions somewhat lower than that of reformulated gasoline. The ozone potential from CNG fuel-
cycle emissions is minimal. The ozone potential from power generation emissions are also low:;
however, more data are needed on this source.

NMOG emissions from LPG distribution and fueling are currently very high due to vapor
releases from fuel transfer operations. Vapor controls are assumed to be implemented because of
emission regulations, and technology improvements will reduce NMOG emissions to levels below
those of conventional fuels.

On a global basis, gasoline and methanol from natural gas result in similar CO, emissions and
substantial NO, emissions from tanker ships. CO, emissions were lower for CNG, LNG, and electric
vehicles, while biomass derived fuels resulted in the lowest incremental CO, emissions.

7.2 EMISSION POLICY CONSIDERATIONS

Fuel-cycle emissions could be used to manage emissions associated with vehicle operation.
Several measures which could affect fuel cycle emissions are listed below. All of these measures
would be unpopular with some segments of industry or vehicle users and may also have other
consequences which would make them unattractive, unfair, or unlikely to be implemented.

*  Cap total emission levels for vehicle fueling stations through the permit process

* Eliminate the generation of saleable emission credits for fuel storage and production
facilities that permanently reduce production capacity

* Consider a credit for vehicle exhaust emissions based on fuel-cycle emissions. This
approach may lead to unequal treatment of fuels sold within Califomnia.
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Tax fuels in proportion to fuel-cycle emissions. This approach would reduce fuel-cycle
emissions by creating incentives for less driving and for vehicles with higher fuel
economy.

Determine fuel-cycle emissions for advanced technologies that might compete with EVs
for ZEV status
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